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ABSTRACT

Reservoir wettability is important to oil recovery by waterflooding and many

other processes. This study Wcis mainly concerned with the effect of wettability on

waterflood oil recovery and performance, including breakthrough recovery, residual

oil saturation, subsequent oil recovery and water/oil ratio as a function of volume

throughput of brine. Wettability was determined principally by the Amott method

and also from rates of spontaneous imbibition.

The study consisted of two stages. The first stage was primarily to investigate

the effect of brine composition, crude oil type and aging condition on wettability.

The second stage, based on results of the first stage, was to develop a wider spec

trum of wetting conditions by varying initial water saturation of the core samples.

Berea sandstone was used as the porous media. Two crude oil samples,

Moutray and ST-86, with different physical properties and composition were em

ployed. Asphaltene content and surface tension were also determined. Brine was

formulated from sodium and calcium chloride solutions to give desired concentra

tions of monovalent and divalent cations. Initial water saturation was established

either by flow of oil or by initially draining the core via a porous plate. Initial

water saturations ranged from about 10 to 32 percent of pore volume.

The spontaneous imbibition tests were performed to infer wetting behavior of

the systems studied. Extended imbibition tests of two to three weeks duration were

used in measuring the imbibition behavior of the systems. For rock/brine/Moutray

systems aged at room temperature, wetting behavior, as indicated by imbibition

rate tests, was influenced by brine composition and initial water saturation. The
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degree of water-wetness decreased as the concentration of calcium ions increased

and as the initial water saturation decreased. Unlike the Moutray systems, imbi

bition rates of the ST-86 systems were always high and not significantly affected

by brine composition.

Investigation of aging conditions showed that aging temperature and initial

water saturation were dominant variables with respect to the wettability change

induced by a given crude oil. Results were compared for aging temperatures of

26, 50 and 80 °C using an aging period of about 10 days. All imbibition and

waterflood tests were carried out at ambient temperature, one reason being to

avoid complications such as variation in viscosity with temperature. The results

showed good reproducibility. Temperature of aging caused pronounced effect on

all systems with water-wetness decreasing as aging temperature increased. The

reduction in water-wetness, however, was greater for Moutray systems.

Broader wetting conditions were generated by establishing a wide range of

initial water saturations. The flooding rate, in terms of interstitial velocity, was

varied from 1 to about 50 feet per day. Most of the floods were run at about 5 feet

per day with continuous injection of about 20 pore volumes of brine. At the extreme

wetting conditions of the study, the recovery was influenced by the choice of crude

oil. For the two crude oil samples studied, Moutray, the oil with higher asphaltene

precipitation number and the greater sensitivity to ionic concentration and type,

inferred from the spontaneous imbibition performance, gave higher breakthrough

recovery.

The weakly water-wet systems with higher interfacial tension (ST-86) were

more sensitive to flooding rate but with recovery increasing with decrease in rate.

Weakly water-wet Moutray had the highest breakthrough recovery compared to

other wetting conditions of the present study and residual oil was not significantly

affected by injection rate. For intermediate systems, the breakthrough recovery
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increased as the flooding rate decreased. These observations imply that end effects

were minor in such systems.

For most intermediate wet systems, oil saturation continued to decrease with

pore volume throughput after water breakthrough. The produced water/oil ratio

reached 100 at about 3 to 5 pore volume of brine injected. The lowest value of

residual oil saturation achieved was about 10% at 20 pore volume throughput.

This study, which is the most extensive yet reported for crude oil/brine/rock

(COBR) systems, shows that laboratory linear waterflood recovery is optimum at

close to neutral wettability at water breakthrough and all further stages of water

injection.
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CHAPTER I

INTRODUCTION

Waterflooding is commonly identified as a secondary recovery method. Unre-

covered oil, after waterflooding, is frequently quoted as being in the range of 30 -

60% of the initial oil in place and is the target for enhanced oil recovery (EOR)

methods. However, an increasing number of published results shows that water-

flooding can lead to a very high oil recovery (Richardson et ai, 1955; Salathiel,

1971; McCaffery et al.^ 1989; Hirasaki et al.^ 1990). Residual oil saturations are

often so low that tertiary oil recovery is not necessary. High recoveries have also

been reported for systems in which wettability changes were induced by crude oil

(Rathmell et ai, 1973; Morrow et a/., 1986; Wang, 1986; Wang and Guidry, 1990).

At current uncertainty of oil prices, operators are facing difficulty in justifying

W the cost and risk associated with the EOR methods. A need for reliable estimates of

residual oil saturation after waterflooding is a main factor in economic evaluation.

Moore and Slobod (1956) were among the first to recognize that wettability can

be the most important variable affecting the recovery history of a waterflood.

Although numerous reports of experimental work relating to the role of wetta

bility on waterflood recovery have been published, there is remarkable divergence

of conclusions as to the optimum wetting condition for recovery (Morrow, 1986).

This is probably due to the nature of the systems used in evaluating wettabil

ity effects. Systematic and unambiguous studies of the effects of wettability on

oil recovery are not simple to design or carry out. In several previous investi

gations, core samples were treated with chemicals, usually organochlorosilane or

"Dri-Film", (Newcombe et a/., 1955; Amott, 1959; Donaldson and Thomas, 1971;

^^ Rathmell et a/., 1973; Lorenz et a/., 1974) on initially dry cores. In addition to the
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artificial nature of these chemicals, a disadvantage of this technique is the incon-

sistency in wetting condition with time (Anderson, 1986 b) due to rehydrolization

and desorption of weakly adsorbed molecules (Menawat et al.^ 1984). Surfactants

have also been used to obtain various wetting conditions in laboratory waterflood

study (Kennedy et ah, 1955; Owens and Archer, 1971). Unfortunately, these stan

dard procedures for altering wettability by chemical treatment did not show results

with the same trend.

In a solid/brine/crude oil system, the degree of interaction between the oil

containing surface active constituents with the solid surface may depend on type

of the solid, the brine composition, fluids saturation, type of oil, temperature and

pressure. A great deal of effort has concentrated on study such interactions but

relatively few attempts have been made to study the wetting behavior of crude oil

in porous rocks at various conditions.

The present study was firstly directed to investigation of wetting behavior of

crude oil samples in porous media. Changes in wettability were determined by

the Amott method and rates of spontaneous imbibition. The second objective

was to determine how observed trends in wetting behavior affect waterflood re

covery, including breakthrough recovery and residual oil saturation as a function

of pore volume throughput. Berea sandstone and two crude oil samples with dif

ferent surface properties, brine compositions, initial fluids saturations and aging

temperatures were employed during the present study.



CHAPTER II

GENERAL REVIEW

2.1. Wettability - Definition and Quantification.

The term wettability is commonly used to describe the ability of a fluid to

wet a solid surface in the presence of a second fluid. In the petroleum industry,

the term wettability is used to characterize the wetting condition of a reservoir

rock sample. Reservoir rocks typically have complex pore structure and mineral

composition. For a given rock sample, therefore, the measured wettability should

be an average value of wetting on various minerals that appear on rock surfaces.

The most common methods used in quantifying wettability of reservoir rocks will

be discussed below.

For many decades, it was widely held that most oil reservoirs were strongly

water-wet because the oil accumulated in water-filled porespaces as the oil migrated

and displaced part of the original formation water. This view was argued in the

early 1940's because some crude oil samples showed an ability to wet sand grains

(Bartell and Miller, 1928) or silica (Benner and Bartell, 1941).

Later, the terms intermediate (Marsden and Nikias, 1962), fractional (Fatt

and KlikofF, 1959; Iwankow, 1960) or heterogeneous (Browns and Fatt, 1956),

mixed wettability (Salathiel, 1973) and speckled (Morrow et a/., 1986) have

been introduced to indicate types wetting condition which are not simply either

strongly water-wet or oil-wet. In general, quantification of wettability depends

upon the method adopted in the evaluation. The most common methods used

today are contact angle (Treiber et a/., 1972; Morrow, 1976), spontaneous and

forced displacements (Amott, 1959; Boneau and Clampitt, 1977; Cuiec, 1984) and

capillary pressure curves (Donaldson et a/., 1969).

- 3 -
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In the contact angle method, the advancing angle, 0^, is usually measured

through the water phase residingon a flat mineral (quartz for sandstone or calcite/

dolomite for carbonate rocks) surface in the presence of an oil drop. The advancing

contact angle, 0^, is defined as the angle made when the oil drop is pulled and

water advances over the flat mineral. The terms water-wet, intermediate and oil-

wet are commonly used (Treiber et aL, 1972; Morrow, 1976). The contact angle

method is of limited value because the flat, smooth and polished surface is not

representative of natural rough sand surfaces which may be composed of or partly

covered by more than one minerals. However, this method is still widely used for

evaluating reservoirs wettability.

The Amott test, introduced in 1959, consists of two parts after establish

ing the initial water saturation. The first part is spontaneous imbibition in

water followed by forced displacement by water. The second part is a test for

spontaneous imbibition in oil at a residual oil saturation sometimes followed by

forced displacement by oil. From each test, the amount of fluid expelled by

spontaneous displacement (denoted by Viw for water imbibition and Vio for oil

imbibition) and by forced displacement (denoted by V^w for displacement by

water and Vtio for displacement by oil) are recorded. The numerical value of

yhuKViw + ydw) = is called displacement-by-water ratio or conveniently

index for water, which may represent the degree of water-wetness, ranging from

0 to 1; while Vioj[Vio + Vdo) = is called displacement-by-oil ratio or con

veniently index for oil, which may represent the degree of oil-wetness, rang

ing from 0 to 1. The average wetting condition of the sample in question

is commonly stated as the Amott-Harvey wettability index, WI, and defined

as

W

w

WI = — — f211
(Viy, + Vi„) {Vio + Kio) ^ • '
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One can categorize various wetting conditions into strongly water-wet, weakly

water-wet, intermediate, weakly oil-wet and strongly oil-wet. Sometimes neutral

wettability is used to describe systems that do not take-up either water or oil spon

taneously. In characterizing wettability, Cuiec (1984) adopted ly/ = 0.3 to 1 for

water-wet, WI — —0.3 to -1-0.3 for intermediate and WI = —0.3 to 1 for oil-wet

systems.

The capillary curve method or so-called USBM method (Donaldson et al.^

1969) employs imbibition and drainage capillary pressure data as a function of

water saturation in determining wettability of the rock sample. It is attributed to

the fact that the shape of capillary curves depends on the wetting condition of the

porous system in question. The area under a capillary curve represents the work

required by a fluid to displace another fluid in a porous system (Morrow, 1970). In

an imbibition process, the work required by wetting fluid to displace non-wetting

fluid is smaller than the work required in a drainage process. The wettability

index used is logarithmic value of the ratio of drainage area to imbibition area. For

water-wet systems, the area under the drainage curve is greater than the imbibition

curve. This property is reversed for oil-wet systems. This then gives positive and

negative numerical values for water-wet and oil-wet rocks, respectively. Typical

positive value of the wettability index could be infinity (Wang and Guidry, 1990).

The values for intermediate systems are close to zero.

2.2. Factors Aflfecting Wettability of Rocks.

In a porous rock that contains brine and crude oil, the wetting condition de

pends on complex interactions among the rock, brine and crude oil. The inter

actions involve pore geometry and minerals that line the pore walls of the rock,

brine composition, crude oil composition and the initial water saturation. Reser-
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voir temperature can be as high as 400° F, while reservoir pressures range from

W a few hundred to many thousands of pounds per square inch. Temperature and

pressure may influence the rock/brine/crude oil interactions.

W

W

2.2.1. Effect of Solid Type on Adsorption.

The surface properties of minerals composing the rock will be affected by the

properties of associated brine. Silica or quartz generally has a negative surface,

which is the surface possessing negative charges due to hydroxylation. Similarly,

clay minerals are negatively charged and also have great capacity for cation ex

change. On the other hand, calcite surfaces are positively charged.

Because of the differences in surface character, the wetting preference may

thus depend on the type of solid exposed to the oil within the pores. Especially

with clays, the exact interaction is not yet known but most likely occur through

either hydrogen or covalent bonding (Czarnecka and Gillot, 1980). The hydrogen

bond is predominantly an electrostatic interaction. In this type of bonding, the

hydrogen atom is not shared but remains closer to and covalently bound to its

parent molecule. Covalent or chemical bonding is characterized by electrons being

shared between two or more atoms so that the discrete nature of the atoms is lost.

Adsorption on silica surface. Perhaps, one of the most important prop

erties of silica or quartz, especially in its practical application (Her, 1979) concerns

the surface properties. The surface properties that have been studied mostly re

late to interactions between water and the silica surface, adsorption of inorganic

and organic ions, and the surface structure which determine surface electrokinetic

properties such as zeta potential, surface conductance, etc.

Silica or quartz has a fixed composition, Si02, with two possible structures,

that is silanol and siloxane structures. The silanol structure applies to silica sur-
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faces that are hydroxylated (-SiOH). Siloxane describes silica surfaces that are

W' dehydroxylated, i.e., no hydroxyl group is held on the surface.

Silanol surface. According to the principle of electroneutrality, the nega

tively charged silica surface must be balanced by attracting positive ions (counter

ions). When hydrogen ions are adsorbed on to the surface, -SiOH groups result.

Silanol surfaces play an important role in hydrogen bonding interactions between

a Si02 substrate and adsorbed H2O molecules. The physically adsorbed water may

form a water film as thin as few molecules and may still remain at 110°C if the

air is humid, or even to approximately 180°C (Young and Bursh, 1959). Also, it

is characteristic of silanol surface that many organic molecules with polar groups

are adsorbed and held to the -SiOH groups through hydrogen bonding (Curthoys

et al. , 1974). The concentration of -SiOH groups on silica surfaces seems to be

±11.0 micromoles per square meter or 6.6 -OH groups per square nanometer and

tends toward a value of 4.5 - 5.0 -OH groups per square nanometer after drying

at 120°C (Her, 1979). Since there are many sources of siliccis, one silica may have

different properties from another and the silanol number may be different. Also,

the polarity of the surface -SiOH groups might change as the silica assumes more

crystalline character, perhaps owing to differences in the distribution of the silanol

sites. According to Young and Bursh (1960), the polarity of the -SiOH bonds

increased in the order : silica gels < flame process silica < finely grounded quartz

< very low area quartz. If other counter ions, such as Ca"'"'", Ba"*"^ or Al"*"^"^, are

adsorbed and able to reverse the negative charge of the silica, then the surface can

now interact with negatively charged organic polar compounds through covalent

bonds. This interaction is called chemisorption.

Siloxane surface. With no impurities on silica surfaces, siloxane surfaces

characterize hydrophobic phenomena because there are no hydroxyl groups that

could hold water molecules (Laskowski and Kitchener, 1969). But as mentioned
W
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above, —S,OH groups can also interact with polar compounds through hydro-

gen bonding. An investigation was conducted by Hair and Hertl (1969) to study

adsorption phenomena on silica with different surfaces, siloxane, silanol and 'wet'

surfaces. It was found that the 'wet' condition enhanced adsorption of hydrocarbon

while siloxane surfaces nearly always adsorbed less hydrocarbon.

Adsorption on clay minerals. Clay minerals are of general occurrence

in sedimentary rocks (Pettijohn et al.y 1973). The content of the clay minerals in

sandstones may range from practically zero to a high percentage (Johnston, 1955).

van Olphen (1977) discusses the surface properties of various clays and states that

the planar surfaces are negatively charged and the edge sites are combination of

negative (silica sites) and positive (metal) charges.

Because of the importance of the contribution of clay minerals in establishing

the wetting behavior of many rocks, some studies have been conducted on the inter-

action between clays and petroleum heavy fractions (Clementz, 1976; Collins and

Melrose, 1983) and bitumen (Czarnecka and Gillot, 1980). The adsorption mecha

nism was reported to be quite complex in which asphaltenes and water can be co-

adsorbed. The adsorption was also influenced by the type of exchangeable cations

on the clay; adsorption decreases in the order Mg"^"^ > Ca"^"*" > K"^ > Na"^.

Adsorption on carbonates. Many sandstones contain calcium carbon

ates, usually as cementing material. Berea sandstone, for instance, contains as

high as 1% CaCOa by weight (Khilar and Fogler, 1983). In contrast to the sur

face properties of silica, carbonates are positively charged. This charge arises from

Ca"^*^ which are part of the solid. The CO^ ions act as the counter ions attached

at the surface. It has long been known in connection with mineral flotation that

some types of acid (usually organic acids known as collector) were required to float
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calcite. In a flotation study, Fuerstenau and Miller (1967) proposed the reaction

between the collector (fatty acid) and calcite as follows

solid CaCOs ~l" 2R,C00 solid Ca(R.C00)2 ~l~ CO3

In petroleum research, some investigators have studied the wetting preference

of carbonate rocks for polar compounds. Benner and Bartell (1941) reported that

napthenic acid displaced water to form a contact angle of 106° measured through

water phase on calcite. Morrow et al. (1973) found that none of the hydrocarbon

solutions containing nitrogen and sulfur compounds induced oil-wetness on either

quartz or dolomite surfaces, but octanoic acid (0.1 molar in decane) gave a contact

angle of as high as 145° on dolomite.

Adsorption on other minerals. Other than clays and carbonate, ferroan-

dolomite and siderite are also found in some sandstone as the cementing materials

(Pettijohn el aL, 1973). The Bradford reservoir has iron oxide coating the sand

grains (Nutting, 1928). Also, North Burbank Unit contained chamosite, an iron-

rich clay (Boneau and Clampitt, 1977). These uncommon minerals cissociated with

sandstone are hydrophobic in nature. The oil-wet nature of these reservoirs Wcis

ascribed to their presence.

2.2.2. Effect of Brine Composition.

It has been shown that brine composition and pH have a dominant effect

on the wetting behavior of crude oil (Buckley et al.^ 1987). In a rock/brine/oil

system, two interfaces may exist, namely, rock-brine and brine-oil interfaces. As

has been mentioned previously, the negative surface of silica and clays attract

positive ions from aqueous solution. The ionization of these sites is influenced by

pH of the solution. The higher the pH, the more negative sites. This means a
W
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greater number of adsorption sites. When the negative surface of silica is balanced

by positive hydrogen ions to form silanol (-SiOH) groups, water molecules can

interact strongly through hydrogen bonding. Adsorbed water molecules can act as

specific adsorption sites for other molecules (Hair and Hertl, 1969).

The adsorption of a certain type of cation depends on concentration and the

concentration of other cations, and also the type of anions present in the so

lution. The adsorption affinity increases with decreasing hydrated ionic radius.

This is commonly shown for the so-called Lyotropic series for monovalent cations,

Cs"*" > Rb"^ > K"^ > Na"^ > Li"*". In the presence of anions, the order of decreasing

adsorption is as follows, F~ > SO4 > NO^ > Cl~ (Gaudin et a/., 1952).

For divalent cations, Malati and Estefan (1966) suggested that since the size of

hydrated ions decreases in the order Ca"^"*" > Sr"^"^ > Ba"^"*", the adsorption should

increase in the order Ca"'"'" < Sr*^"^ < Ba"^"'". Most polyvalent cations, such as

Al"'"'"'' and Fe"^"^"'', are more strongly adsorbed on negative sites of silica surfaces

than mono- or divalent cations are. Competition for the negative sites depends on

the concentration of each cation present in the solution (Sonders et al.^ 1949).

The adsorption of cations onto clays and silica surfaces is similar. Since most

clay minerals have much higher surface area per volume and high cation exchange

capacity, the adsorption is stronger (Clementz, 1976; Czarnecka and Gillot, 1980).

Oppositely, the calcite surface has positive charge in contact with aqueous solution

at around neutral pH and tends to adsorb organic acids. In a solution of high pH

(greater than 9.5) the surface, however, becomes negatively charge (Somasundaxan

and Agar, 1967).

When di- or polyvalent cations adsorb onto negative solid surfaces and reverse

the charge, the surface will attract negatively charged organic compounds but repel

positively charged ones. However, the interaction between the solid surface and
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hydrophobic solution or oil may be influenced by the aqueous wetting film covering

the solid surface. It was shown experimentally that the film thickness decreases

with increase of salt concentration and with increase of valency of the cation (Read

and Kitchener, 1969). Whenever the wetting film is collapsed, the solid surface is

ready for hydrophobic contamination.

Pertaining to the interaction between rock surface and crude oil, the charge

type of the two surfaces (rock and oil) determines the type of interaction, repulsive

or attractive. If the type of charges is the same at both surfaces, repulsion is ob

viously expected, oppositely attraction occurs. Adhesion will occur if the aqueous

wetting film is extremely thin (0.1 - 0.2 nanometer) and chemisorption or covalent

bonding occurs (Israelachvili, 1985). For dilute aqueous solutions, however, hydro

gen bonding may have dominant effect provided that the film thickness is about

0.2 nanometer (Israelachvili, 1985).

W

2.2.3. Effect of Crude Oil Composition.

Crude oil is naturally a complex mixture of hydrocarbon and non-hydrocarbon

substances. The differences in composition from one source to another are well

known. Researchers claim, however, that polar compounds contained in crude oil

are responsible for the surface activity.

Bartell and Niederhauser (1946 - 1947) noted that the interfacially active ma

terial studied was closely related to resins and asphaltenes. These materials are

insoluble in excess pentane at ambient temperature but are soluble in benzene.

Electron microscopic studies showed that the asphaltic materials derived from

crude oil have average diameters ranging from 0.01 to 3 microns (Preckshot, 1942;

Dickie et al., 1969). In another investigation, Denekas et al. (1959) found that

the wetting ability of crude oil was governed by components covering broad ranges
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of molecular weights and polarities. Seifert and Howells (1969) discovered more

specifically the presence of carboxylic and phenolic acids in a California crude oil.

Recently, Dutta and Holland (1984) also reported the existence of carboxylic, phe

nolic and indolic acids and bases such as pyridine, pyrazines, sulphoxides, indoles,

and amides in petroleum asphaltenes.

It is extremely difficult to study the wetting ability of crude oils for solid

surfaces. Some investigators (McGhee et a/., 1979; Donaldson, 1980; Cuiec, 1984)

have tried to characterize the wetting properties on the basis of nitrogen, sulfur

and oxygen compounds but no correlation was obtained between the amounts of

such compounds and wetting ability.

Very little work has been done on bulk crude oils in characterizing the wet

ting ability by employing porous media. An interesting result was presented by

Cuiec (1984) who used oilfield materials obtained from many different geographic

locations. It was shown that asphaltene content in the oils had strong influence

on rock wetting, even though many data points spread over a wide range from

strongly water-wet to weakly oil wet for systems with asphaltene content of less

than about 1.5 weight percent. It was suggested, however, this wide spectrum

might be due to the presence of hydrophobic sites in some cores.

To avoid the complexity of crude oil systems, mixtures of mineral oil and as

phaltene and/or resins extracted from crude oil samples are often used. Employing

mineral oil containing 5% asphaltene/resins, McGhee et al. (1979) and Donaldson

and Crocker (1980) demonstrated that this mixture caused wettability of the Berea

core samples to shift away from strong water-wetness. The wettability induced was

strongly dependent on the source of polar compounds of crude oil samples.

Morrow et al. (1973) studied the wetting behavior of various polar compounds

and reported that none of the hydrocarbon solutions containing nitrogen and sulfur
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organic compounds induced oil-wetness on either quartz or dolomite surfaces. They

also found that octanoic acid (0.1 molar in decane) gave a contact angle of as high

as 145° on dolomite. In identifying wetting ability of crude oil samples, acid

number (McGhee et al.^ 1979; Donaldson, 1980; Cuiec, 1984) and basic number

(Cuiec, 1984) are sometime used. However, no systematic correlation was found

between the magnitude of these numbers and wetting properties.

The adsorption phenomena of many classes of organic compounds from hy-

drophobic solution onto hydrophilic surfaces is fairly known (Parfitt and Rochester,

1983). The effect of solvent type and solubility are also important to the adsorp

tion phenomena. For example, adsorption of n-fatty acids on silica from n-heptane

is greater than from benzene (Armistead et al., 1971). Clementz (1982) reported

that magnesium clays adsorbed asphaltenes most strongly from aromatic solvent,

whereas potassium clay adsorbed most strongly from nitrobenzene. From other

study, Dubey and Waxman (1989) showed that asphaltene adsorption from ni

trobenzene formed multilayer films whereas the adsorption from toluene solution

yielded only a monolayer.

In the petroleum industry, the use of stock tank oil in attempting to evaluate

reservoir wettability is questioned because the crude oil composition has changed

due to the light components liberated. Nevertheless, many laboratory studies

showed that original wettability can be restored by using synthetic brine and dead

crude oil (Mungan, 1972; Grist et aL, 1975; Wendel et al., 1987). Buckley and

Morrow (1990) reported that evaporation and dilution have minor effect on ad

hesion behavior of crude oil samples studied. Also, Heaviside and Salt (1988)

suggested that the loss of light components may be substituted by decane so that

high pressure equipment is not required for the displacement experiments.

w

W
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2.2.4 Effect of Initial Water Saturation (Su,,).

Most known oil reservoirs are believed to be water-wet before oil migration. Al

though controversy still exists in the petroleum industry community as to whether

most reservoirs discovered are water-wet or intermediate or oil-wet, the wetting

condition of a reservoir is undoubtedly a result of interaction between the minerals

composing the rock, oil and brine. If the majority of the minerals were hydropho-

bic in nature then the reservoir would tend to be oil-wet. But if the minerals were

hydrophilic in nature, and this is usually the Ccise, then history of the drainage

process may contribute in establishing the wetting condition of the reservoir.

In a strongly water-wet porous rock containing water and oil, the irreducible

water saturation may consist of mainly bulk water with adsorbed water films re

maining at drained surfaces. In laboratory, the initial water saturation is usually

established by flow of oil or, if lower initial values are desired, by initially draining

the core via a porous plate.

The thickness of the wetting film may influence the interaction between the

rock and the oil. The stability of wetting film in fact has been analyzed by some

investigators (Takamura, 1982; Melrose, 1982; Hall et aL, 1983). Melrose noted

that a stable wetting film may exist if the thickness is in the range 2-6 nanometers.

Other factors such as solubility of some organic compounds (Baker, 1959; Welte,

1965) and temperature (Marshall and Rochester, 1975; Mills and Hockey, 1975;

Parfitt and Rochester, 1983) may also affect this prediction. Even if interaction

through hydrogen bonding is not expected (i.e., wetting film thickness > 0.5 nm

(Hair and Hertl, 1969)), the increased solubility of certain organic compounds in

water might enhance the interaction between oil and the rock.

Based on experience, Craig (1971) states that water-wet rocks usually have

connate water saturations greater than 20 to 25% pore volume, whereas oil-wet
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rocks generally contain connate water less than 15 % pore volume and frequently

less than 10%. In oil-wet rocks, the fluids distribution is depicted as being opposite

to water-wet systems. The oil occupies most of the pore space with the initial water

being tiny droplets surrounded by oil.

It was shown that for a certain pore geometry the initial water saturation could

influence the wetting condition established after aging (Salathiel, 1973). In this

case, it was reported that there was a certain range of initial water saturation

(13 - 20%) which gave the lowest residual saturation by waterflood. Core samples

with initial water saturations lower or higher than this range tend to yield higher

residual oil saturation. In another investigation, Morrow et al. (1986) found

that with an initial water saturation as high as 38%, Moutray crude oil was able

to change strongly water-wet Berea sandstone to weakly water-wet. The present

work includes a systematic study of the effect of initial water saturation on wetting

behavior induced by aging core samples in crude oil.

2.2.5 Effect of Temperature.

Uren and Fahmy (1928) investigated factors affecting waterflood recovery. Un-

consolidated clean beach sand packs and several crude oil samples were used. It was

observed that temperature had marked effect on the recoveries, which increased as

the flooding temperature was raised. The wetting condition was not known but it

was obvious to some extent that temperature reduced oil viscosity and interfacial

tension.

In tests on the effect of running displacements at reservoir conditions, Kyte

et aL (1961) showed that core samples were more water-wet at reservoir conditions

compared to samples tested by applying the conventional technique of using refined

oil and flooding at room temperature. It was also shown that the oil recovery was
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higher for systems waterflooded at reservoir conditions. The crude oil viscosity

wcis 0.75 cp at reservoir temperature but the viscosity of the refined oil was not

reported.

McGhee et al. (1979) and Donaldson et al. (1987) conducted experiments

using consolidated cores and crude oil samples. The results showed a wettability

change to more water-wetness as the temperature of incubation was increased. The

effect of temperature on wettability and fluid flow behavior has been the subject

of many studies in connection with thermal recovery, such as hot water and steam

injections (Poston et ai, 1970; Sinokrot et al., 1971; Davidson, 1969; McCaifery,

1972; Lo and Mungan, 1973; Sanyal et al., 1973; Weinbrandt et al., 1975; Casse

and Ramey, 1979; Miller and Ramey, 1983). Almost all of these investigations

employed white or refined oil and sometimes distilled water instead of brine.

It was actually mentioned by Davidson (1969) that relative permeabilities in

Berea sandstone were not temperature dependent. Before 1983 it was shown that

irreducible water saturation increased and residual oil saturation decreased as tem

perature increased (Poston et al., 1970; Sinokrot et al., 1971; Davidson, 1969; Mc-

Caffery, 1972; Lo and Mungan, 1973; Sanyal et al, 1973; Weinbrandt et ah, 1975;

Casse and Ramey, 1979). It was also noted by Casse and Ramey (1979) that the

absolute permeability to water was reduced with increasing temperature but the

absolute permeability to white mineral oil slightly increased. Eventually, in 1983,

Miller and Ramey examined the previous studies and pointed out the existence of

unexplained experimental difficulties such as end effects and measurements. An at

tempt was then made to minimize such difficulties. Employing consolidated Berea

sandstone, unconsolidated sand packs, a refined white mineral oil and distilled wa

ter, changes in temperature gave essentially no changes in relative permeabilities,

irreducible water saturation, and residual oil saturation were observed due to effect

of temperature.
W
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Displacement studies with crude oil are not easy to design or carry out. Crude

oil is a complex fluid system. The presence of asphaltic materials in the crude

oil can give experimental difficulties and the behavior of natural surface active

constituents that may consist of acidic and basic polar compounds is poorly un

derstood. Hjelmeland and Larrondo (1983) investigated the effects of tempera

ture and pressure on interfacial properties of calcite/brine/crude-oil systems. At

a typical reservoir pressure, the brine/oil interfacial tension increased with tem

perature. The contact angle measured also indicated strongly water-wet behav

ior at reservoir conditions and oil-wet at ambient conditions. This was ascribed

to increased solubility of wettability altering compounds and more light compo

nents in solution at high temperature and pressure (Bleakley, 1984; Anderson

, 1986). Furthermore, according to Bigelow et al. (1947), raising temperature

causes increased thermal agitation of hydrocarbon chains of polar molecules and

reduces adhesive interaction. He also noted that adsorption decreased as tem

perature increased. This phenomena is known as an exothermic desorption pro

cess.

In adsorption from solution, temperature should affect not only the ad

sorption process but also the solubility of the adsorbate. As is gener

ally believed the solubility increases with temperature. The opposite case,

however, was shown that adsorption of butyl alcohol from distilled water

on to blood char was enhanced by increasing temperature (Bartell et al.,

1950). Similar phenomena were shown for quartz often used. Employ

ing mineral oil containing 5% asphaltene/resins,water often used. Employ

ing mineral oil containing 5% asphaltene/resins,dodecylammonium acetate (Ball

and Fuerstenau, 1971), silica/benzene/methyldecanoate (Mills and Hockey,

1975) and silica/carbontetrachloride/phenol (Marshall and Rochester, 1975) sys

tems. Although these system might not be relevant to rock/brine/crude-
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oil systems, nevertheless, there are some systems that oppose the more

normally expected trend of decreased adsorption with increase in tempera

ture.

Polar compounds of crude oil are known to be associated with asphaltenes

and resins. These constituents are recognized to have finite size ranging from a

few to hundreds of Angstroms (Preckshot et al., 1942). They are also reported to

have zig-zag configuration of saturated carbon chains and considered as colloidally

dispersed rather than in solution (Dickie et a/., 1968). Because of the contradictory

results for the effect of temperature on adsorption, it is not known with certainty

if asphaltene deposition occurs on rock surfaces at reservoir conditions. Field

evidence, however, revealed that asphaltene precipitation occurred due to a hot

oiling process employing diesel, kerosene or condensates (Barker, 1989).

W

w

2.2.6 Effect of aging.

In surface chemistry studies, Jones and Wood (1945) observed a change in zeta

potential with time for glass capillary/electrolyte solution systems. Constant val

ues were obtained after equilibriation for two weeks. Kulkarni and Somasundaran

(1973) reported the effect of aging on zeta potential of quartz in aqueous solutions

as obtained by streaming potential measurements. Significant changes were ob

served for as long as about 8 days. Kittaka and Morimoto (1976) also showed an

increase in surface conductivity with time for silica/aqueous solution systems.

In the petroleum industry, the common procedure of wettability restoration is

to clean the reservoir core sample. The purpose of cleaning is to make the core

sample strongly water-wet which is believed to be the initial wetting condition

before oil migrated into the reservoir. The importance of rock/brine interfacial

equilibrium has had a little attention. However, Grist et ai (1975) reported that
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prolonged soaking in brine, before flow of oil, made the cores more water-wet.

Many researchers have demonstrated the effect of aging on interfacial tension

of brine-crude oil systems. This indicates the importance of the time factor for

interfacial equilibrium. Most investigations found the tendency of interfacial ten

sion to decrease with time although in the magnitude of minutes (McCaffery, 1972;

Hjelmeland and Larrondo, 1983). Contact angle or adhesion is one of many tech

niques in inferring preferential wetting ability of crude oil for rock surfaces. The

aging effect has been shown to be a significant factor in establishing the equilib

rium contact angle or adhesion for silica/brine/oil systems (Wagner and Leach,

1959; Craig, 1971; Treiber et al., 1972; Buckley, Takamura, and Morrow, 1987).

The time factor for equilibriation has long been considered in restoring the

original wetting condition of reservoir core samples. After establishing the initial

water saturations, the core samples were then aged at the reservoir temperature.

The length of time required to incubate the core samples, however, varies from

one laboratory to another, ranging from few days to months (Ruhl et aL, 1963;

Craig, 1971; Mungan, 1972; Salathiel, 1973; Cuiec, 1975; Cuiec, 1977; Wang, 1986;

Anderson, 1986; Wendell et al., 1987). It was also reported that for a particular

system the wetting condition induced by Moutray crude oil did not change with

time (Morrow et a/., 1986).

2.2.7 Eflfect of Pressure.

There is disagreement among laboratory and field observations as to the effect

of pressure on wettability. As mentioned above, Kyte et al. (1961) compared

wetting condition of core samples at reservoir conditions and ambient conditions.

Reservoir conditions caused the samples to be more water-wet. This was in contrast

to other experimental results which exhibited greater water-wetness for cores aged



- 20 -

at ambient conditions (Mungan, 1966). Hjelmeland and Larrondo (1986) showed

insignificant effect of pressure upon contact angle.

Tuttle (1983) and Thaver et al. (1989) reported that asphaltene precipitation

was encountered in the wellbore even before the bubble point pressure of the oil

had been reached. But precipitation was not found after the reservoir pressure

declined below the bubble point. This phenomena was supported by laboratory

experiment and was explained as follows. Below the bubble point the change in

composition induced by gas liberation results in enhanced solubility of asphaltenes

upon pressure decrease (Hirschberg et a/., 1984; Thaver et ai, 1989). A contra

dictory example demonstrated that asphaltenes were deposited if the pressure was

allowed to decline below the bubble point pressure of the crude oil. This problem

could be avoided by keeping the pressure above the bubble point (Bleakly, 1984).

In the process of wettability restoration, pressure is frequently ignored due

probably to apparatus availability and because experiences showed that cores re

stored at reservoir temperature and ambient pressure could duplicate native state

cores (Mungan, 1966, 1972; Wendel et a/., 1987; Heaviside and Salt, 1988; Cuiec,

1990). One approach to duplication of oil composition without the need for high

pressure equipment is to replace lost light component with an alkane. In the re

ported work as much as 10% decane was added to the crude oil (Heaviside and

Salt, 1988).

2.2.8 Effect of Oxidation

Most investigators have found that brine/crude oil interfacial tension decreased

due to oxidation. Aerobic bacteria that naturally occur in some crude oils (Milner

et a/., 1977) might contribute in altering the surface properties. This might affect

the interactions in rock/brine/crude oil systems.
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Bartell and Niederhauser (1946 - 1947) reported that a water/oil interfacial

tension reduction of nearly 50% was measured after contacting the crude oil to

air for about 45 days. For other systems investigated, in general, the longer the

exposure to air the larger the reduction found. An increased tendency of rigid

films formation at the water/oil interface was also observed.

In contact angle studies, Treiber et al. (1972) found that some crude oil sam

ples induced oil-wetness after being aerated. The effect of contact with air on

wettability change of oilfield cores has been studied by other workers. Richard

son et al. (1955) showed that waterflood residual oil saturations obtained in fresh

core and weathered core were about 13% and 25%, respectively. It was not clear

whether the weathered core decreased or increased in water-wetness because no

wettability measurement was reported for these cases.

In 1958, Bobek et al. used imbibition tests to measure the degree of wettability

of oilfield cores. The results demonstrated that the oil-wetness increased due to

weathering. Similar results were also reported by Amott (1959). Cuiec (1990)

has investigated the influence of oxidation on wetting behavior of several crude

oil samples. It was found that all oxidized crude oil samples induced greater oil-

wetness. The reported brine/oil interfacial tension showed a decrease as much as

4 to 15 dynes/cm.

A contradictory result was reported by Mungan (1966) who found that oil-wet

preserved cores became water-wet after exposure to air. The core, however, could

be restored by saturating the clean core with the crude oil and aging at reservoir

temperature for two weeks.



CHAPTER III

W WETTABILITY STUDIES

RELATING TO OIL RECOVERY

The petroleum industry has devoted much research effort at the laboratory

level in attempting to better understand mechanisms that control oil recovery by

waterflooding. The studies have ranged from detailed work on fundamental physi

cal principles of the driving and entrapment mechanisms at pore or capillary level

to normal laboratory scale core floods. Many researchers have used chemicals such

as silicone and surfactants to control wettability of the porous media in attempts

to study the waterflood behavior at various wetting conditions. Many studies have

also been conducted on reservoir cores and outcrop core samples to investigate

the effect of wettability changes on oil recovery. However, different results of the

optimum recovery are shown in the literature. Review of a brief basic theory and

some related studies are given below.

3.1 Displacement and Entrapment Mechanisms.

It has been mentioned that wettability determines the fluids distribution in

pore spaces of rocks. The differences in distribution for a certain pore geometry

and structure may influence the displacement behavior. In waterflooding processes,

there are three possible forces that govern oil and water movements. These are

capillary, viscous and buoyancy forces (Craig, 1971; Morrow, 1979). The effect of

fluids distribution and the role of these forces in immiscible displacements will be

discussed below.

In a porous rock containing oil and water, capillary pressure acting at an oil-

water interface is conventionally defined as the difference between the pressure in

,theoil and water phases. For a system in which water is the wetting phase and

- 22 -
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the oil is a non-wetting phase, this can be written as

Pc = Po- Pw (3.1)

where Pc is the capillary pressure in dynes/cm^; Pq and Pw are pressure in the oil

and water phztses, in dynes/cm^, respectively. For a model pore system with pore

throat size of rt and pore waist of Vy, (Morrow, 1979), then capillary pressure that

is responsible for holding an isolated oil globule is

Pc =2(- —j acos 6 (3.2)
\rt rxoj

where cr is the oil-water interfacial tension in dyne/cm and 9 is the contact angle.

The viscous force that causes continuous fluid movement in a porous rock may

be inferred from Darcy's equation in term of pressure drop across the system

in dyne/cm^

APrf =^ X10® (3.3)
where q is the flow rate in cc/sec.; // is the fluid viscosity in cp.; k is the permeability

to the fluid flowing in Darcy; A is the cross-sectional area of the rock in cm^ and

L is the length of the rock in cm.

One can show that capillary pressure difference in a pore space of rock that

contains water and oil with interfacial tension of 30 dynes/cm and contact angle

of about zero could be as high as 1 psi for an oil droplet size of the order of

microns. However, the pressure drop due to viscous flow is only in the order of

hundredths or even thousandths at typical waterflood rate (Moore and Slobod,

1956). It is clear that the ratio of capillary to viscous force that may encounter

in ordinary waterflood conditions at completely wetting conditions is extremely

high. Capillary forces are responsible for trapping the non-wetting phase. Values

of viscous pressure gradients which can be achieved in the reservoir are limited by

injection pressure, which must not exceed the fracturing pressure of the formation.
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In a Ccise where water is the wetting phase, capillary forces tend to draw water

to enter the smaller pores and subsequently water saturation increases by pushing

the oil into larger pores. This displacing mechanism is called imbibition.

The pressure due to buoyancy force acting in a capillary system may be ex

pressed as

Pb = Apgl (3.4)

where is the buoyancy pressure in dyne/cm^; g is the acceleration due to gravity

in cm/sec^ and I is the length of the lighter fluid (oil with respect to water) in cm,

and A/) is the density difference in gm/cm^. Morrow (1979) showed that in a

complete wetted system the oil-water interfacial tension should be in the order

of 10"^ dyne/cm in order for buoyancy force to give improved oil recovery. In

complete wetted systems, at normal water-oil interfacial tensions, the buoyancy

force is therefore negligible.

During waterflooding in strongly water-wet systems, continuous oil moves

along larger pore paths ahead the displacement front. But due to the existence of

constrictions or pore throats, oil tends to snap-off and be trapped in larger pores

as residual oil left behind the flood front. The rate of entrapment depends on the

rate of water supply to the constrictions and the rate at which trailing oil can pass

through these constrictions. The residual oil structures may be defined as being

non-continuous globules (Morris and Wieland, 1963). The possibility of entrap

ment in various pore structures has been discussed in detail by Chatzis, Morrow

and Lim (1983). In water-wet systems, the displacement performance is usually

characterized by little, if any, oil production soon after water breakthrough.

In other extreme ofoil-wet systems, capillary forces tend to hold oil in smaller

pores so that the flood water flows with less restrictions through larger pores. In

this case, the process by which non-wetting phase, which is water, displaces the
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wetting fluid, oil, is called a drainage mechanism. Continuous oil may be bypassed

by the injected water. A significant amount of oil is thus left behind the flood

front. However, because some continuous paths are available for oil to move under

normal flooding pressure gradient, oil continues to be produced after breakthrough

up to the economic limit. Water breakthrough occurs earlier in oil-wet systems

and breakthrough recovery is also lower.

Intermediate systems are commonly characterized by intermediate values of

contact angle (0) which means that capillary pressure tends to be lowered. The

imbibing tendency of the injected water may be drastically reduced from that in

strongly water-wet systems. If the contact angle is exactly 90°, which is neu

tral wettability, theoretically the capillary forces at the water-oil interface vanish.

Thus the behavior should be similar to that of a miscible displacement. Unfor

tunately, this particular wetting condition is not well understood in porous rock

comprised of materials of different surface properties, and consisting of pores and
V /

pore-throats of different sizes. However, fundamental study on single pore-throat

arrangement is important contribution in understanding the detail mechanisms.

The visualization study carried out on a micro pore-throat model demonstrated

that displacement efficiency was least for strongly wetting conditions (contact an

gle < 30°) and greatest for conditions of intermediate wettability (contact angle

% 90°) (Wardlaw, 1982). Wardlaw and Yu (1986) also showed that snap-off pro

cess in throats does not occur in systems with advancing contact angle greater

than 70°.

Fractional wettability was probably firstly introduced by Brown and Fatt in

1956. It was defined as the fraction of the internal surface area of the pores

or aggregate of mineral particles which has preferential wetting to either water

or oil. Although the existence of this type of surface distribution in reservoir is

unlikely, the presence of heavy particles of hydrocarbons (Talash and Crawford,
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1961) or hydrophobia minerals at some points in the pore walls is more likely to be

realistic. Fatt and KlikofF (1959) showed experimentally that as the wettability to

water increased, lower residual oil saturation resulted. Talash and Crawford (1961)

and Singhal et al. (1976) also observed that the presence of oil-wet sand reduced

oil recovery by waterflooding. The complex displacement mechanisms of this kind

were shown by Morrow (1979). It was demonstrated that, when both drainage and

imbibition occurred, the displacement efficiency in mobilizing residual oil became

unfavorable. It seems that the presence of oil-wet portions in a system increases

the entrapment.

Another type of heterogeneous wettability is mixed wettability as has been

postulated by Salathiel (1973) in an attempt to explain the behavior of East Texas

reservoir that yielded unusually low residual oil saturation. In this case, the oil-

wetted surface is postulated to be distributed in such a way that oil maintains

continuity. This permits drainage of oil to very low residual oil saturation by

waterflooding. For this type of system, if vertical continuous oil paths are present

and vertical permeability is favorable then buoyancy force may contribute to oil

recovery.

3.2 Spontaneous Imbibition.

Spontaneous imbibition may be defined as the displacement of non-wetting

fluid by wetting fluid by the action of capillary forces alone. The process occurs

when a porous media saturated with non-wetting fluid is immersed or brought in

contact with wetting fluid. The magnitude of capillary forces depends on geometry

and pore structure, interfacial tension and wettability or contact angle. For a given

porous media and pair of fluids, therefore, the degree of wetting condition can be

inferred from imbibition tests. Qualitatively, the rate of wetting fluid imbibed into
W
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the core can be used to characterize the wetting condition (Richardson et ai, 1955;

Bobek et a/., 1958; Denekas et a/., 1959; Rathmell et a/., 1973; McCafFery, 1973;

Morrow et a/., 1986).

Many studies have been conducted to correlate spontaneous imbibition behav

ior and waterflood displacement efficiency. Richardson et al. (1955) showed that a

fresh core obtained from an East Texas oilfield took up water slowly and gave very

low waterflood residual oil saturation (< 10%). By extracting and resaturating

the core with the same fluids, it was demonstrated that the core became strongly

water-wet, the imbibition rate was much faster, but the final oil produced by spon

taneous imbibition alone was about the same for both cores, fresh and extracted.

The residual oil saturation achieved from the extracted core was high (> 25%).

Spontaneous imbibition tests were also used by Amott (1959) as part of a

quantitative measure of wettability (see section 2.1) and waterflood recovery. In

this study, the duration of imbibition test was limited to 20 hours. Generally, it

was shown that when wetting phase imbibed into cores, the lower the amount of

wetting phase imbibed spontaneously the higher the waterflood recovery. Proba

bly, the period of 20 hours has been taken arbitrary. Cuiec (1984) reported that

spontaneous imbibition may take several days or weeks to complete for some sys

tems. So, if this observation were applied to Amott's work, the conclusion of the

effect of wettability on oil recovery could change.

Using long Berea core samples treated with various concentrations of "Dri-

film" in pentane, Rathmell et al. (1973) performed spontaneous imbibition and

waterflood experiments. It was found thsff the lower the imbibition rate, the lower

the residual oil saturation obtained by waterflooding.

Morrow et al. (1986) also found a high microscopic displacement efficiency

in laboratory waterflood experiments for crude-oil-treated systems showing low
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imbibition rate relative to a strongly water-wet system.

These laboratory results suggest that when capillary forces are weak, snap-

off tends to be inhibited. Viscous forces encountered in normal waterflooding,

although small, may also be effective in improving the displacement process.

3.3 Effect of Wettability on Waterflood Oil Recovery.

Studies on oil recovery by waterflooding have been conducted for more than

60 years. Many investigations have emphasized the importance of wettability in

oil recovery (Kinney and Nielsen, 1951; Newcombe et a/., 1955; Kennedy et al.,

1955; Richardson et aL, 1955; Coley et a/., 1956; Moore and Slobod, 1956; Amott,

1959; Raza et ai, 1968; Donaldson et ai, 1969; Rathmell et a/., 1973; Salathiel,

1973; Singhal et al.^ 1976; Morrow et aL, 1986). Extensive reviews on this subject

are also available in the literature ( Craig, 1971; Morrow, 1986; Anderson, 1986).

Uren and Fahmy reported experiments on waterflooding in 1928 using uncon-

solidated sand packs. It was found that surface properties of the sand showed

significant effect on oil recovery. Employing California crude oil , the clean sand

yielded a recovery of about 60%; an iron-oxide coated sand gave a recovery of only

26% whereas as high as 84% of oil in place was produced from the carbon-coated

sand. It was explained that this very high oil recovery may be due to favorable con

tact angle that resulted in less resistance to displacement by the smooth, glcisslike

carbon surfaces. Unfortunately, no contact angle Wcis reported.

In the early 1950's, Kinney and Nielsen carried out waterflood experiments on

untreated (preferentially water-wet) and "Dri-Film" treated (preferentially oil-wet)

cores. Employing Bradford crude oil as the oil phase, it was demonstrated that

the percentage of recoverable oil produced before water breakthrough was greater

for the preferentially water-wet core than for the preferentially oil-wet core.
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Kennedy et ai (1955) conducted experimental laboratory waterfloods with a

wider range of wetting conditions. Two types of porous media (outcrop cores and

consolidated sand packs), East Texas crude, synthetic brine and some surfactants

for varying wettability and interfacial tensions were used. Wettability here was

defined in term of sessile drop ratio which is the ratio of oil drop height to its

width measured by placing a small droplet of oil on the underside of silica crystal

immersed in brine. In the sand packs with constant oil-water interfacial tension of

12 dynes/cm, the highest recovery was obtained from intermediately wet systems.

But recovery in outcrop cores demonstrated only a slight increase as the core

shifted away from strongly water-wet.

In the same year, Newcombe et al. (1955) examined the effect of varying con

tact angle, interfacial tension and flood rate. Unconsolidated sand packs, refined

oil with three different viscosities and tap water were employed. The contact angle

/ was varied by treating the sands with silicone polymer. For high interfacial tension

floods, oil recovery was highest in preferentially water-wet systems and decreeised

as oil-wetness of the systems increased. Oil recovery increased with interfacial

tension for water-wet systems and decreased for oil-wet. Neutral wettability sys

tems were less sensitive to interfacial tension than either oil-wet or water-wet case

(obtained at constant interfacial tension). Results were not in agreement with the

previous work of Kennedy et al. (1955). Systems with high viscosity oil were

characterized by higher oil recovery at low rather than high flood rates.

Richardson et al.^ (1955) observed a significant difference in residual oil satu

ration between fresh and extracted core samples. Water imbibition demonstrated

high degree of water-wetness for the extracted core which gave a residual oil satura

tion of about 33% compared to less than 5% for the fresh core. Although the latter

imbibed water spontaneously, the rate was much lower than for the extracted core.
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This behavior indicates that strongly water-wet conditions yield lower recovery

than weakly water-wet systems.

A group of porous pyrex glass cylindrical cores of relatively uniform pore size

was used by Coley et al. (1956) to study waterflood behavior at various wetting

conditions. The wettability was varied by treating the cores with "Dri-Film". The

breakthrough oil recovery tended to decrease as the oil-wetness increeised.

Using long and short core samples and laboratory fluids (water, ethylene gly-

col, glycerine, pentane, triisobutylene and mineral oil), Moore and Slobod (1956)

reported that, at breakthrough, intermediate wetting systems gave lower residual

oil saturation than water- or oil-wet systems. Similar results were also shown by

Amott (1959) with wetting conditions defined quantitatively by the Amott method.

Amott's experiments were run using fired Ohio sandstone treated with silicone to

vary the wettability, 3% brine and kerosene. At 2.4 pore volume of brine injected,

the oil recoveries were highest for a range from weakly water-wet to intermedi

ate wetting compared to the recoveries at the extreme conditions of water-wet or

oil-wet.

Donaldson et al. (1969) commented that the existing disagreement among the

previous works was caused by the absence of satisfactory method for evaluating

wettability when crude oil is involved, especially for intermediate wettabilities. For

this, the capillary curve method was introduced to evaluate wetting conditions.

Untreated and silicone-treated core samples with wettability number, ranging

from 0.65 to -1.333, were then subjected to waterflood tests. The results revealed

that the oil recovery decreased a,s the water-wetness reduced and wcis the lowest

in strongly oil-wet systems.

In 1973, Rathmell et al. reported distinct improvement in recovery as a result

of shift from strongly to weakly water-wet condition. The weakly water-wet results
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were obtained for displacement of isobutylene from fresh cores. The strongly water-

wet results were given by the restored state technique which involved cleaning

the cores by solvent extraction. Interpretation of the wettability was based on

imbibition tests in which both rate and extent of imbibition were measured.

Examples of increcised oil recovery with change from strongly water-wet con

ditions have also been reported by Salathiel (1973). The waterflood tests were

performed on East Texcis Field core samples exposed to the crude oil at relatively

low initial water saturation (13 - 20%). Typical results on a preserved core showed

unusual behavior in which oil continued to be produced slowly even after the num

ber of pore volumes of injected had reached 5000. The residual oil saturation

obtained at this point was less than 10%.

Singhal et al. (1976) studied flow behavior in systems of heterogeneous wet

tability. The porous media were composed of mixtures of glass beads and teflon

powder. Distilled water was used as the aqueous phase while iso-octane , chloroben-

zene, cyclohexane, aniline, dibutylphthalate and crystal oil were employed as the

oleic phase. For these systems, increase in fraction of oil-wet component lowered

the oil recovery slightly; the strongly water-wet system gave the highest recovery.

Many previous studies have employed controlled systems such as silicone- or

Dri-Film-treated or teflon/glass bead porous media and refined or mineral oil to

study waterflood behavior for various wetting conditions. It is obvious that rock/

brine/crude oil systems are complex. The role of crude oil in inducing wettabihty

changes remains poorly understood. Morrow et al. (1986) investigated the effect

of changes in immiscible displacement behavior induced by Moutray crude oil, a

crude selected for its interfacial activity. Core samples of Berea sandstone were

used in this study. After flooding of 2% CaCl2 brine-saturated cores with crude oil

and allowing contact for 24 hours at relatively high initial water saturation (about
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38%), a change fronn strongly to weakly water-wet was obtained which was even

more pronounced after substituting refined oil for the crude oil. The oil recoveries

were almost doubled after deposition of the film. The results were comparable to

those reported by Rathmell et al. (1973), except that there was no extended oil

recovery with time.

Recently, two excellent reviews of the effect of wettability on waterflood re

covery have become available in the literature (Morrow, 1986; Anderson, 1986).

Discussion and comparison of most of the work published on this subject is included

in these reviews.

Morrow (1986) concluded that there is no general agreement on the optimum

wetting condition for oil recovery. It was also concluded that the magnitude of

residual oil saturation depends on the combined effect of initial water saturation,

pore geometry and wettability. Anderson (1986) also reached the conclusion that

there is disagreement on the effect of wettability as a core becomes very strongly

water-wet compared with moderately water-wet systems. For oil-wet systems,

however, published reports showed qualitatively similar results; that is, oil recov

ered by waterflooding of oil-wet cores is always less than for any other wettability

conditions.

3.4 Effect of Flooding Rate on Recovery.

In a laboratory study of immiscible displacement, the rate of injection is cho

sen mainly to reduce or minimize the end-effects. The occurrence of the end-effect

is caused by discontinuity in capillarity at the outlet face at which capillary forces

tend to retain the wetting fluid. In completely wetted systems, a waterflood is

subject to end-effect when the displacing fluid reaches the outlet face of the core

for the first time. The accumulation of wetting fluid in pores around the outlet face
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may block forward movement of the non-wetting fluid and creates an uneven dis-

tribution of oil along the core. To minimize the end-effect, therefore, viscous forces

must exceed the capillary forces. Usually, this is done by either using relatively

high injection rates or using longer core to minimize the end-effect contribution to

total saturation. Very little attempt, however, has been made to study the effect

of injection rate on oil recovery over a wide range of wetting conditions.

In 1953, Rapoport and Lecis reviewed the related literature and found some

contradictory results. A series of laboratory waterfloods were conducted. The data

obtained suggested that oil recovery or residual oil saturation should be indepen

dent of rate of injection or core length as long as the systems are scaled properly.

For this, a scaling coefficient Lv(j,y) where L is the length of the core in cm; v is

total flow rate per unit cross-sectional area in cm/min.; and fi-u, is water viscos

ity in cp was proposed. The critical value of the coefficient lies between 0.5 and

3.5 (cm^)(cp) min. depending on porous material used, but scaling coefficient of

greater than 3.5 is suggested for strongly wetted systems.

Jones-Para et al. (1954) demonstrated, however, that waterflood recovery be

havior did not necessarily follow the above scaling concept. Employing strongly

water-wet, high permeability (about 7 darcies) core samples and by varying vis

cosity ratio and core length, it was shown that for systems with viscosity ratio

lower than three the breakthrough recovery increased with flooding rate, whereas

for systems with viscosity ratio greater than three the recovery decreased with

rate. For longer cores, the recovery weis improved by decreasing the rate. It was

explained while there is always some time required for a flood to reach a stabilized

saturation configuration. This time may be much longer than the time required to

complete the flooding of the system of interest.

In 1955, Newcombe et aL conducted experiments to find the effect of injection
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rate and interfacial tension on recovery for various wetting conditions. Unconsoli-

dated sand packs were used and various wettabilities were generated by treating the

sand with silicone. In general, it Wcls shown that increased recovery was obtained

by increcising injection rate for all systems. However, no initial water saturation

was used in these experiments. It is doubtful that the systems described as water-

wet were in wetting equilibrium when the injected water was displacing the oil

because the water must first displace oil from the grain surfaces. Therefore, these

systems did not represent the true water-wet conditions (Leach et al.^ 1956).

Later, some investigators have made attempted to perform a more comprehen

sive study. Leach et al. (1956), Richardson and Perkins (1957), Perkins (1957) and

Kyte and Rapoport (1958) demonstrated that in water-wet systems oil recovery or

residual oil saturation is essentially independent of injection rate if the end-effect

is negligible. Kyte and Rapoport also proposed the same scaling coefficient cls

introduced by Rapoport and Leas (1953) and even suggested to use an imposed

total pressure drop of 50 psi or greater, regardless of the core length.

It seemed that the role of flooding rate had been a subject of great contro

versy. After analyzing numerous laboratory studies and field data, Jordan et al.

(1957) concluded that a higher injection rate does not necessarily lead to higher

oil recovery. At low flooding rates, the capillary forces might aid the displacement

process, making it more efficient, in either water-wet or oil-wet sands. No conclu

sive statement was given for other wetting systems since whether or not the core

represents the reservoir wettability was not clearly established.

Rathmell et al. (1973) performed a laboratory study to determine residual

oil saturation as a function of flood rate in systems with wetting conditions gen

erated by treating the Berea cores with "Dri-Film". The residual obtained was

independent of rate for rates ranging from 1.5 to 600 ft/d.
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As has been discussed previously, the magnitude of residual oil saturation is

governed by capillary, viscous and gravitational forces. In a normal waterflood the

gravitational forces are negligible compared to the other two forces. The capillary

forces are determined by interfacial tension, contact angle and pore geometry, while

the viscous forces are defined by fluid viscosity, velocity and the length of the flow

path. The effect of each variable on the residual oil saturation can be studied

by grouping them as capillary number, which is defined as the ratio of viscous to

capillary forces. One of many expressions for capillary number that appear in the

literature is

kxvAP
N, = (3-5)

As suggested by Kyte and Rapoport (1956), as long as the ends effect are

negligible the residual oil saturation is independent of rate. Later, Morrow and

Chatzis (1981) showed that residual oil saturation is not significantly changed for

capillary numbers less than 3x 10~® for continuous oil in a typical Bereasandstone.

Above this value, by increasing AP or rate of injection for instance, the residual

oil saturation decreases as the capillary number increases.

Labastie ti al. (1980) carried out an experimental study on oilfield core sam

ples of 15 to 30 cm long. During the course of waterfiooding , water saturation

in the core was measured by attenuation of x-rays but no end effect was detected.

For two wetting conditions studied, water-wet and fractional wettability, it wcis re

ported that residual oil saturation varied with flow rate. In most cases the residual

decreased when velocity was increased. An opposite result has also been reported.

Heaviside et al. (1987) found that in intermediate wettability systems end-effects

were very small and that recovery at breakthrough increased with decrease in in

jection rate.
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3.5. Summary

In a crude oil/brine/rock (COBR) system, wettability is a result of interactions

between the solid surfaces and the crude oil. The degree of interactions may depend

on type of solid, brine composition, fluids saturation, oil composition, temperature,

and pressure. Oxidation may also influence the interactions. The effect of oil

composition, temperature, and pressure on mechanisms of the interactions is still

poorly understood.

In COBR systems, the effect of wettability on fluids distribution is widely rec

ognized. Pertaining to the immiscible displacement, capillary, viscous, and buoy

ancy forces influence the fluid flow behavior. Wettability as measured by contact

angle is incorporated in the classical formula of capillary pressure. The complex

ity of pore structure and geometry of natural porous media, pore wall roughness,

and poor understanding of wetting structure may complicate interpretation of the

displacement behavior.

Many methods of generating wetting conditions of porous media have been used

to investigate the effect of wettability on laboratory waterflood efficiency. The

methods include core treatment using iron oxide, carbon, silicone ("Dri-Film"),

surfactants, mixture of asphaltic crude oil and heptane, reactive crude oil, and the

use of teflon powder mixed with glass beads. The reported results demonstrate

that a strongly water-wet system always produces higher waterflood recovery than

a strongly oil-wet system. Some disagreement as to the optimum wetting condition

for waterflood oil recovery, however, still appears in the literature. The summary

of most of work published is given in Table 3-1.
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Table 3-1 Summary of Laboratory Investigations

of the Effect of Wettability on Oil Recovery

by Water Flooding

Investigator(s)

(Year)

Porous

Media

Method Range of

Wettability

Fluids Oil Recovery Remarks

1. Uren and

Fall my

(1928)

Unconsoli-

dated sand

packs

1. No treat

ment

2. Treat

ment using
iron-oxide

3. Treat

ment using
carbon

Strongly
water-wet

to

strongly
oil-wet

California

crude oil

and brines

Clean sand:

60% of OIP;
Carbon-

coated sand:

84% of OIP
Iron-coated

sand:

26% of OIP

Neither

qualita
tive nor

quantitative
measure of

wettability
was reported

2. Kinney
and

Nielsen

(1951)

1. Synthetic
porcelain
cores

1. No treat

ment

2. Treated

with

*Dri-Film'

Pref.

water-wet

and pref.
oil-wet

Bradford

crude and

brine

Pref.

water-wet

was higher
than pref.
oil-wet

Capillary
pressure

and

permeability
curves to

evaluate
wettability2. Venango

sandstone

1. No treat

ment

2. Treated

with

*Dri-FiIm'

Pref.

water-wet

and

pref. oil-wet

Bradford

crude and

brine

Pref.

water-wet

was higher
than pref.
oil-wet

3. Newcombe,
el al.

(1955)

Unconsoli-

dated sand

packs

Treatment

with silicone

Strongly
water-wet

to

strongly
oil-wet

Refined

oils

and

tap water

Highest for
strongly
water-wet

system and
lowest for

strongly oil-
wet system

Contact

angle
method to

evaluate

wettability

4. Kennedy,
et al.

(1955)

Consolida

ted pure
silicon

packs

Treatment

with various

surfactants

Pref.

water-wet

to

pref. oil-wet

East Texas

crude oil

and brine

Highest at
close to

neutral

(79% of OIP
at 10 PVI)

Sessile drop
method to

measure

wettability

5. Richardson,
el al.

(1955)

East Texas

reservoir

core

samples

'Fresh' sam

ple, and
extracted

sample

Pref.

water-wet

and

intermediate

Kerosene

and Brine

Intermediate

was much

higher than
pref. water-
wet

Spontaneous
imbibition to

infer wetta

bility

6. Coley,
et al.

(1956)

Pyrex glass
cores

Treatment

with

'Dri-Film'

Pref.

water-wet

to

pref. oil-wet

Refined oil

and brine

Oil recovery
decreases

as the oil-

wetness

increases

Contact

angle
method to

evaluate

wettability

7. Moore and

Slobod

(1956)

Torpedo,
Berea, and
Bandera

sandstones

Treatment

with

surfactant

Pref.

water-wet

to

pref. oil-wet

Mineral oil

and water

Highest at
interme

diate wet

tability at
breakthrough

Spontaneous
imbibition

method to

evaluate

wettability
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Table 3-1 {continued)

8. Ammot

(1959)

Fired Ohio

sandstone

Treatment

with silicone

Strongly
water-wet

to

strongly
oil-wet

Kerosene

and brine

Highest at
intermediate

wettability

Amott

method

(sponta
neous and

forced dis

placement)
to evaluate

wettability

9. Donaldson,
et al.

(1969)

Torpedo
sandstone

Treatment

with silicone

Water-wet

to

strongly
oil-wet

Squirrel
crude oil

and brine

Highest for
water-wet

system and
lowest for

strongly oil-
wet system

U.S. Bureau

of Mines

method to

evaluate

wettability

10. Owens and

Archer

(1971)

Torpedo
sandstone

Treatment

with

surfactant

and

detergent

Very
strongly
water-wet

to

very strongly
oil-wet

Refined oil

and brine

Highest for
very strongly
water-wet

system

Contact an

gle method
on quartz

crystal to
evaluate

wettability

11. Rathmell,
et al.

(1973)

1. Reser

voir core

samples

'Fresh' and

Restored-

state

conditions

Strongly
water-wet

and

weakly
water-wet

Triisobu-

tylene and
brine

Weakly
water-wet

was much

higher than
strongly
water-wet

Spontaneous
imbibition to

evaluate

wettability

2. Berea

sandstone

Treatment

with

'Dri-Film'

Most water-

wet to

least water-

wet

Triisobu-

tylene and
brine

Highest for
the least

water-wet

systems

12. Salathiel

(1973)

East Texas

oilfield core

samples
and

Boise

sandstone

Mixture of

heptane and
crude oil

Strongly
water-wet

and

mixed

wettability

Refined oil

and brine

Higher for
mixed wet

tability
systems

No wettabil

ity evalua
tion reported
(mixed wet
tability
postulated)

13. Singhal,
et al.

(1976)

Synthetic
porous

media

Use of teflon

powder and
glass beads

0 to 100%

fractional

wetting

Various

oils and

Distilled

water

Highest for
strongly
water-wet

systems

(100% glass
beads)

Contact

angle
method to

evaluate

wettability

14. Morrow,
et al.

(1986)

Berea

sandstone

Crude-oil

induced

wetting

Strongly
water-wet

and

weakly
water-wet

Moutray
crude oil;
Refined

oils and

2% CaCla
brine

Recovery
was much

higher for
weakly
water-wet

systems

Spontaneous
imbibition

to evaluate

wettability

15. Wang

(1986)

Berea and

London

core

samples

Aging in
crude oil

Strongly
water-wet

and

mixed

wettability

London

crude oil

and brine

Recovery
was signifi
cantly higher
for mixed

wettability
systems

Oil pro
duction to

evaluate

wettability
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CHAPTER IV

EXPERIMENTAL MATERIALS AND PROCEDURES

In this chapter, porous media, liquids and chemicals employed in this study

are described. Experimental procedures, including core treatments, spontaneous

imbibition and waterflood tests, are explained in detail.

4.1 Materials.

Materials employed in this experimental study consisted of porous rock sam

ples, brine of various composition and two crude oil samples from different sources.

Core samples. Consolidated porous media, Berea sandstone, were mainly

used in this study. Berea sandstone was selected because it is readily available and

is widely used as a standard porous rock for experimental work in the petroleum

industry.

The core samples were cut from 1 ft x 1 ft x 6 inch blocks of Berea sandstone.

The diameter of all samples was 3.79 centimeters. Samples of about 4.20 and about

8.0 centimeters long were used for spontaneous imbibition and waterflood tests,

respectively. Each dimension is an average value of 4 to 5 measurements using a

vernier caliper. Before being used, the core samples were dried at ambient tem

perature. The samples were then dried in an oven at 120°C for at least 2 days and

cooled in a vacuum chamber until gets permeability measurements were conducted.

The core permeability to nitrogen gas varied from 200 to 1000 millidarcies. Porosi

ties ranged from 18.7 to 22 percent of bulk volume. The absolute permeabilities to

brine ranged from 140 to 700 millidarcies. The physical properties of core samples

are listed in Tables 4-1A and 4-IB for spontaneous imbibition and waterflood tests,

respectively.
•w
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Table 4-lA Physical Properties of Core Samples

Used for Spontaneous Imbibition Experments

Core Length, cm. Diameter, cm. Permeability Porosity, %

to Gas, mD

#6A 4.161 3.781 287 18.7

#20A 4.033 3.790 285 18.7

#21A 4.170 3.790 290 18.9

#24A 4.068 3.790 289 18,9

#25A 4.388 3.790 292 18.9

#29A 4.027 3.790 301 19,1

3.926 3.790 304 19.1

#2B 4.008 3.790 316 19.2

#10B 3.999 3.790 312 18.9

#12B 3.980 3.790 293 18.8

#14B 4.057 3.790 360 19,4

#16B 4.013 3.790 366 19.4

#18B 3.979 3.790 327 19.0

#20B 3.996 3.790 318 18.7

#21B 3.999 3.790 302 19.0

#24B 3.927 3.790 329 19.0

#25B 3.938 3.790 318 19.0

#29B 4,016 3.790 354 19.2

#30B 4.454 3.790 486 19.4

#31B 4.434 3.790 479 19.4

#32B 4.342 3.790 453 19.1

#33B 4.430 3.790 453 19.3

#35B 4.234 3.790 472 19.3

#38B 3.995 3.790 1147 22.2

#39B 4.070 3.790 1150 22.0
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Table 4-lB Physical Properties of Core Samples

Used for Waterflooding Experments

Core Length, cm. Diameter, cm. Permeability Porosity, %

to Gas, mD

UF-2 8.079 3.790 1151 21.8

UF-3 8.048 3.790 1197 22.3

UF-4 8.092 3.790 1183 22.0

UF-7 8.221 3.790 1150 22.1

UF-8 7.964 3.790 1149 22.4

UF-10 7.834 3.790 1179 21.8

UF-11 8.157 3.790 1169 21.8

UF-13 8.004 3.754 1173 21.7

UF-14 7.942 3.755 934 21.6

UF-15 7.985 3.766 954 22.0

UF-16 7.871 3.746 961 21.9

UF-17 7.958 3.756 965 21.8

UF-18 7.969 3.750 1025 22.2

UF-19 7.950 3.743 1029 22.2

UF-20 8.070 3.740 1009 22.1

UF-21 7.900 3.744 1006 22.1

UF-22 7.877 3.740 1041 22.1

UF-23 7.866 3.739 1005 22.1

UF-25 8.359 3.741 874 21.9

UF-26 8.438 3.711 880 21.9

UF-27 8.237 3.740 883 21.2

UF-2S 8.295 3.753 889 21.9

UF-29 8.297 3.725 863 21.9

UF-30 8.322 3.740 658 21.5

UF-31 7.853 3.715 894 21.9

(continued on next page)



w

W

- 42 -

Table 4-IB {continued)

Core Length, cm. Diameter, cm. Permeability Porosity, %

to Gas, mD

UF-32 8.077 3.727 926 21.8

UF-33 7.937 3.715 956 22.0

UF-34 7.920 3.734 979 21.8

UF-35 8.204 3.733 991 21.6

UF-36 8.026 3.733 893 21.2

UF-3S 7.975 3.735 989 21.9

UF-37 8.288 3.735 906 21.2

UF-39 8.285 3.731 906 21.9

UF-40 7.874 3.734 971 21.6

UF-41 7.263 3.790 985 21.9

UF-42 7.482 3.790 963 21.9

UF-43 7.682 3.790 978 21.8

UF-44 7.462 3.790 979 21.9

UF-45 7.541 3.790 996 22.4

UF-47 7.537 3.673 1008 22.2

UF-48 7.589 3.790 1012 22.2

UF-49 7.441 3.790 1016 22.1

UF-50 7.439 3.786 971 22.0

UF-51 7.394 3.780 1009 22.2

UF-52 7.080 3.790 991 21.9

UF-53 6.879 3.790 998 22.2

UF-54 7.031 3.790 965 22.1

UF-55 6.888 3.790 961 22.1

UF-56 7.003 3.790 951 22.1

UF-57 6.999 3.790 950 22.1

(continued on next page)
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Table 4-lB (continued)

Core Length, cm. Diameter, cm. Permeability Porosity, %
to Gas, mD

UF-58 6.976 3.790 949 22.1

UF-59 7.459 3.785 952 22.1

UF-60 7.538 3.769 938 22.1

UF-61 6.979 3.790 937 22.1

UF-62 7.087 3.779 971 22.1

UF-63 7.357 3.790 984 22.2

UF-64 7.526 3.782 941 22.1

UF-65 7.508 3.787 1016 22.2

UF-14A 7.942 3.755 934 21.6

UF-69A 7.520 3.785 992 22.3

UF-69B 7.520 3.785 992 22.3

AD-2 6.987 3.783 1066 22.6

#16A 4.065 3.790 210 18.4

#21A 4.170 3.790 290 18.9

#26A 4.107 3.790 234 18.7

#29A 4.027 3.790 301 19.2



- 44 -

Brine compositions. Deionized or distilled water was used to prepare the

aqueous solution which was formulated employing sodium and calcium chlorides

grade AR (Mallinckrodt) and adding 0.02% weight of sodium azide 99% to prevent

bacterial growth. The brine was then filtered through a 0.45 micron Millipore filter

membrane and deaerated. The concentration of sodium and calcium chlorides was

varied from 0 to 6% and 0.2 to 2% weight, respectively. Brine compositions and

properties are shown in Table 4-2.

Oil phase. Paraffin, Soltrol 220, Soltrol 130 and two types of crude oil were

used in this study. Paraffin oil and Soltrol 130 were blended to obtain viscosities

which were close to the viscosities of each crude oil used. These crude oils were

used in base-line waterflood and imbibition tests. The two crude oil samples origi

nated from Texas (Moutray) and the North Sea (ST-86). Precipitation behavior of

the crude oil was determined for three different aliphatic hydrocarbons, n-pentane,

n-heptane and decane. Asphaltenes are often identified as being responsible for

interfacial activity. In this study, it was found that all three aliphatics yielded

precipitation from Moutray oil but only n-pentane was able to cause cisphaltene

deposition from ST-86 oil and the amount of precipitate wcls much less than that

obtained from Moutray.

Tiie properties of the oils employed are given in Table 4-3. Gas chromatog-

raphy analysis was also performed to identify the composition of each crude oil

sample. Results are listed in Table 4-4. The interfacial tensions of the oil/brine

systems were also measured using a Wilhelmy Plate type tensiometer. The results

are given in Table 4-5. These data show that brine composition did not affect

significantly the interfacial tension for both crude oil samples. An effect of aging

time on interfacial tension, however, was found for the Brine/Moutray systems.

Acid numbers for the two crude oils used in this study are already available

(Buckley et a/., 1987).
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Table 4-2 Physical Properties of Brines

Brine Density Viscosity

Composition @26°C, gm/cc @26°C, cp

2% CaCl2 1.028 0.983

2% NaCl + 1% CaCb 1.037 0.987

2% NaCl + 2% CaCb 1.044 0.991

4% NaCl + 0.2% CaCb 1.046 0.987

4% NaCl + 0.4% CaCl2 1.049 0.992

4% NaCl + 0.5% CaCl2 1.050 0.992

4% NaCl + 1% CaCl2 1.054 1.036

6% NaCl + 0.2% CaCl2 1.061 1.047

6% NaCl + 1% CaCb 1.069 1.053

6% NaCl + 2% CaCb 1.076 1.056
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Table 4-3 Properties of the Oil

Oil Density @ 26

g/cc

Viscosity @26 °C

centipoise

Precipitation

Number, v/v

Acid Number

mg KOH/g oil

Moutray 0.845 5.23 0.25 (in n-C5)

0.02 (in n-C7)

0.09 (in ClO)

0.26

ST-86 0.877 13.01 0.05 (in n-C5)

0.00 (in n-C7)

0.00 (in ClO)

0.15

Mixture-1 0.806 4.62 — —

Mixture-2 0.829 11.05 — —

Soltrol 220 0.793 3.27 — —

Note : Precipitation Number is the volume ratio of precipitate (obtained by mix

ing 1 volume of oil and 9 volumes of solvent and by centrifuging at a speed

of 2000 rpm for 10 minutes) to the volume of the oil.
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Table 4-4 Crude Oil Composition

Composition Moutray Oil ST-86 Oil

C5 0.10579 0.49145

C6 0.77739 0.69295

C7 4.21463 2.43242

C8 4.99724 3.35277

C9 4.50196 3.84101

ClO 3.90698 3.23824

Cll 3.64728 2.99566

012 4.71272 3.90477

C13 3.96455 3.73574

C14 2.42786 2.49147

C15 3.15663 3.33916

C16 3.12673 3.30871

C17 3.33734 3.41933

CIS 3.16499 3.31904

C19 2.29428 2.39569

C20 2.22853 2.35135

C21 2.19398 2.34549

C22 2.13714 2.31392

C23 2.03277 2.22203

C24 1.94391 2.13496

C25 1.34026 1.44544

C26 1.29529 1.43108

C27 1.90416 2.23074

C28 1.28076 1.54159

C29 1.27364 1.59688

C30 1.81689 2.36100

C31 0.62608 0.78444

C32 1.71825 2.17975

C33 1.14802 1.43282

C34 0.58955 0.72652

C35 1.15111 1.41692

C36 1.14519 1.40997

C37+ 25.8381 27.1167
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Table 4-IB {continued)

Core Length, cm. Diameter, cm. Permeability Porosity, %

to Gas, mD

UF-32 8.077 3.727 926 21.8

UF-33 7.937 3.715 956 22.0

UF-34 7.920 3.734 979 21.8

UF-35 8.204 3.733 991 21.6

UF-36 8.026 3.733 893 21.2

UF-38 7.975 3.735 989 21.9

UF-37 8.288 3.735 906 21.2

UF-39 8.285 3.731 906 21.9

UF-40 7.874 3.734 971 21.6

UF-41 7.263 3.790 985 21.9

UF-42 7.482 3.790 963 21.9

UF-43 7.682 3.790 978 21.8

UF-44 7.462 3.790 979 21.9

UF-45 7.541 3.790 996 22.4

UF-47 7.537 3.673 1008 22.2

UF-48 7.589 3.790 1012 22.2

UF-49 7.441 3.790 1016 22.1

UF-50 7.439 3.786 971 22.0

UF-51 7.394 3.780 1009 22.2

UF-52 7.080 3.790 991 21.9

UF-53 6.879 3.790 998 22.2

UF-54 7.031 3.790 965 22.1

UF-55 6.888 3.790 961 22.1

UF-56 7.003 3.790 951 22.1

UF-57 6.999 3.790 950 22.1

[continued on next page)
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Table 4-IB {continued)

Core Length, cm. Diameter, cm. Permeability Porosity, %
to Gas, mD

UF-58 6.976 3.790 949 22.1

UF-59 7.459 3.785 952 22.1

UF-60 7.538 3.769 938 22.1

UF-61 6.979 3.790 937 22.1

UF-62 7.087 3.779 971 22.1

UF-63 7.357 3.790 984 22.2

UF-64 7.526 3.782 941 22.1

UF-65 7.508 3.787 1016 22.2

UF-14A 7.942 3.755 934 21.6

UF-69A 7.520 3.785 992 22.3

UF-69B 7.520 3.785 992 22.3

AD-2 6.987 3.783 1066 22.6

#16A 4.065 3.790 210 18.4

#21A 4.170 3.790 290 18.9

#26A 4.107 3.790 234 18.7

#29A 4.027 3.790 301 19.2
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Brine compositions. Deionized or distilled water was used to prepare the

aqueous solution which was formulated employing sodium and calcium chlorides

grade AR (Mallinckrodt) and adding 0.02% weight of sodium azide 99% to prevent

bacterial growth. The brine was then filtered through a 0.45 micron Millipore filter

membrane and deaerated. The concentration of sodium and calcium chlorides was

varied from 0 to 6% and 0.2 to 2% weight, respectively. Brine compositions and

properties are shown in Table 4-2.

Oil phase. Paraffin, Soltrol 220, Soltrol 130 and two types of crude oil were

used in this study, Pciraffin oil and Soltrol 130 were blended to obtain viscosities

which were close to the viscosities of each crude oil used. These crude oils were

used in base-line waterflood and imbibition tests. The two crude oil samples origi

nated from Texas (Moutray) and the North Sea (ST-86). Precipitation behavior of

the crude oil was determined for three different aliphatic hydrocarbons, w-pentane,

n-heptane and decane. Asphaltenes are often identified as being responsible for

interfacial activity. In this study, it was found that all three aliphatics yielded

precipitation from Moutray oil but only n-pentane was able to cause asphaltene

deposition from ST-86 oil and the amount of precipitate was much less than that

obtained from Moutray.

The properties of the oils employed are given in Table 4-3. Gas chromatog-

raphy analysis was also performed to identify the composition of each crude oil

sample. Results are listed in Table 4-4. The interfacial tensions of the oil/brine

systems were also measured using a Wilhelmy Plate type tensiometer. The results

are given in Table 4-5. These data show that brine composition did not affect

significantly the interfacial tension for both crude oil samples. An effect of aging

time on interfacial tension, however, was found for the Brine/Moutray systems.

Acid numbers for the two crude oils used in this study are already available

(Buckley et al^ 1987).
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Table 4-2 Physical Properties of Brines

Brine Density Viscosity

Composition @26® C, gm/cc @26°C, cp

2% CaCl2 1.028 0.983

2% NaCl + 1% CaCl2 1.037 0.987

2% NaCl + 2% CaCl2 1.044 0.991

4% NaCl + 0.2% CaCl2 1.046 0.987

4% NaCl + 0.4% CaCl2 1.049 0.992

4% NaCl + 0.5% CaCb 1.050 0.992

4% NaCl + 1% CaCl2 1.054 1.036

6% NaCl + 0.2% CaCl2 1.061 1.047

6% NaCl + 1% CaCb 1.069 1.053

6% NaCl + 2% CaCl2 1.076 1.056
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Table 4-3 Properties of the Oil

Oil Density @ 26

g/cc

Viscosity @ 26

centipoise

Precipitation

Number, v/v

Acid Number

mg KOH/g oil

Moutray 0.845 5.23 0.25 (in n-C5)

0.02 (in n-C7)

0.09 (in ClO)

0.26

ST-86 0.877 13.01 0.05 (in n-C5)

0.00 (in n-C7)

0.00 (in ClO)

0.15

Mixture-1 0.806 4.62 — —

Mixture-2 0.829 11.05 — —

Soltrol 220 0.793 3.27 — —

Note : Precipitation Number is the volume ratio of precipitate (obtained by mix

ing 1 volume of oil and 9 volumes of solvent and by centrifuging at a speed

of 2000 rpm for 10 minutes) to the volume of the oil.
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Table 4-4 Crude Oil Composition

Composition Moutray Oil ST-86 Oil

C5 0.10579 0.49145

C6 0.77739 0.69295

C7 4.21463 2.43242

C8 4.99724 3.35277

C9 4.50196 3.84101

ClO 3.90698 3.23824

Cll 3.64728 2.99566

C12 4.71272 3.90477

C13 3.96455 3.73574

C14 2.42786 2.49147

C15 3.15663 3.33916

C16 3.12673 3.30871

C17 3.33734 3.41933

018 3.16499 3.31904

C19 2.29428 2.39569

C20 2.22853 2.35135

021 2.19398 2.34549

022 2.13714 2.31392

023 2.03277 2.22203

024 1.94391 2.13496

025 1.34026 1.44544

026 1.29529 1.43108

027 1.90416 2.23074

028 1.28076 1.54159

029 1.27364 1.59688

030 1.81689 2.36100

031 0.62608 0.78444

032 1.71825 2.17975

033 1.14802 1.43282

034 0.58955 0.72652

035 1.15111 1.41692

036 1.14519 1.40997

037+ 25.8381 27.1167
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Table 4-5 Brine/Oil Interfacial Tension

Oil Brine Composition

% NaCl + % CaCl2

Interfacial Tension, dyne/cm

10 min. 1 hour 3 hours

Moutray 4.0 + 0.2 16.10 15.09 14.88

6.0 + 0.2 14.36 13.33 12.69

4.0 + 0.5 15.58 13.10 12.54

4.0 4- 1.0 14.20 12.41 12.29

2.0 + 1.0 14.46 12.52 12.59

0.0 + 2.0 14.02 12.61 12.30

6.0 + 2.0 14.35 12.80 12.71

ST-86 4.0 + 0.2 23.97 23.49 23.50

6.0 + 0.2 23.95 23.62 23.63

4.0 + 0.5 23.94 23.70 23.78

6.0 + 1.0 24.52 24.59 24.59

4.0 + 1.0 24.07 23.82 23.80

2.0 + 1.0 24.34 24.30 24.28

0.0 + 2.0 24.60 24.41 24.60

Mixture-1 0.0 + 2.0 29.31 29.40 29.33

Mixture-2 0.0 + 2.0 30.06 29.90 29.50

Soltrol 220 4.0 + 0.5 30.11 30.10 30.06

/
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4.2 Experimental Procedures.

W

4.2.1 Saturating The Core Samples with Liquids.

Saturating with the brine. After measurement of the gas permeability,

the dry sample was weighed on a balance, Mettler SP 180 or OHAUS Brainweigh

B500, depending on the weight of the core. The core sample was then saturated

with deaerated brine using vacuum pump for at least 24 hours. By knowing the dry

and saturated weights of the core, Wdry and Wsat, respectively, the bulk volumeof

the core, and the deaerated brine density, pi,, then the pore volume, PVy and

porosity, of the core sample were determined from

PV = ~ (4.1)
Pb

and

PVw ^ (4.2)

The saturated sample was then equilibriated with the brine, usually for about

10 days. At the end of the brine aging period, the core sample was inserted into a

Hassler-type core holder. A confining pressure of 300 psi was set for all experiments.

About 30 pore volumes of brine were flowed through to replace the aged brine. The

first 1 to 2 pore volumes of brine produced were collected for measurement of pH.

In this displacement, the brine was displaced downward from a reservoir using

nitrogen gas at low pressure. The pump was used for permeability measurements

and performing waterflood experiments. The core sample absolute permeability

to brine was measured at a constant rate of 10 cc/hour. The permeability, ki, was

simply determined using Darcy's equation,

= -A^
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where q is flow rate in cc/sec.; fif, is brine viscosity in cp.; / is length of the core in

cm.; A is cross-sectional area of the core in cm^.; AP is stabilized pressure drop

across the core in atm.

Saturating the core with oil. The core sample was saturated with oil

following the brine permeability determination. Two methods were employed to

saturate the core with oil. The first method was to flow oil through the core

confined in a Hassler-type core holder with a confining pressure of 300 psi. The

oil flooding pressure applied varied from a few to 35 psi with corresponding pore

volume throughput of oil ranging from 2 to 30 pore volumes, depending on the

initial water saturation desired. Flow direction was reversed halfway through the

oilflooding to minimize unevenness in saturation distribution. The higher the

pressure and the amount of oil injected, the lower the initial water saturation. The

lowest initial water saturation achieved using this method was 22 percent of pore

volume.

For lower initial water saturations, a porous plate technique was used. In this

method, a soil moisture extractor (a product of Soilmoisture Equipment Co., cat.

no. 1500) with a 3-bar plate was employed. Details of the procedure are described

in the manual for this apparatus. Basically, the core is desaturated with nitrogen

gas displacing brine from the core. In the present study, some kaolinite powder

and crushed Berea sandstone were employed to give good capillary contact with

the porous plate. The plate was covered with a layer of kaolinite which was in turn

overlain by crushed Berea. The water saturations obtained using the porous plate

ranged from 8 to 19 percent of the pore volume, depending on the length of the

desaturation period. These typical values correspond to drainage times of 20 and

2 days, respectively. The core was subsequently saturated with oil by immersing

the desaturated core in oil and vacuuming for about 24 hours. The core was then
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immediately flooded with about 5 to 10 pore volumes of fresh oil to ensure that

any remaining trapped gas passed into solution. The produced oil was discarded.

4.2.2 Aging Procedure.

The core samples that had been saturated with oil at initial water saturation

were aged in glass beakers that were almost filled by oil. For the cores aged at

room temperature, the beakers were covered with parafilm. For others aged at high

temperature, the beakers were covered with aluminum foil and either bandaged

tightly with tape which is resistant to oil and water and also withstands high

temperature, or glued with epoxy resin. The aging temperature was mostly either

room temperature (26°C) or 80°C. In some cases cores were aged at 50°C as part

of an investigation of the effect of temperature on induced wetting condition. The

aging period was about 10 days. Longer periods, 20 to 40 days were used in

investigating the effect of aging time but no significant differences were observed.

4.2.3 Spontaneous Imbibition Experiments.

The cores used in imbibition studies had lengths of about 4.20 cm., diameters of

3.79 cm. and absolute gas permeabilities of about 300 millidarcies, unless otherwise

specified. After aging, the core samples were weighed to check for any change. For

the cores aged at high temperature, in particular, a small decrease in weight was

observed. But when the core was cooled to room temperature overnight and then

the aged oil in the core was displaced by the fresh oil, the core weight became close

to its original value before aging. However, some sand grains were lost from the

core during re-oilflooding. Checking was also made by mixing the aged oil with

toluene (ratio was 1:11) in some 12 ml. graduate centrifuge tubes and centrifuging

at speed of 2000 rpm for 10 minutes. No water was observed.
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The spontaneous imbibition test was conducted by suspending the core in 400

cc beaker containing about 300 cc of degassed brine. The suspended core was

tied with monofilament and connected to a Mettler SP180 balance. The schematic

diagram of the apparatus is shown in Figure 4-1. In preliminary experiments,

it had been found that the core surface was covered by a film of oil, especially

when the experiment dealt with Moutray oil and high calcium chloride brine. To

overcome this behavior, the core was removed from the brine and immersed in

toluene for about a second to remove the crude oil from the core surface during

the course of the imbibition. The change in weight of the core suspended under

brine was recorded versus time. The amount of oil expelled was determined by

knowing the densities of oil and brine and the change in core weight with time.

The brine in the beaker was renewed to minimize the effects of brine evapora

tion and oil film oxidation. All experiments were performed at room temperature

to avoid complications caused by changes in viscosities and densities associated

with evaporation losses. The spontaneous imbibition tests were carried out for pe

riods of about 3 weeks. This was usually sufficient time for spontaneous imbibition

to be essentially complete. The spontaneous imbibition tests conducted using this

apparatus were closely reproducible as demonstrated in Figures 4-2, 4-3, and 4-4

for the refined oil, and Moutray and ST-86 crude oil samples, respectively.

After the imbibition in brine was completed, the core sample was subjected

to a forced displacement by water using pressure gradients ranging from 5 to 15

psi/inch, depending upon the wetting condition. The stronger the water-wetness,

the higher the pressure required to minimize the outlet end effect. The amount of

oil produced was used to determine the wettability index for water (the first term

of equation (2.1)).
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1. Marble table

2. Balance

3. Monofilament

4. Beaker + brine
5. Core sample
6. Adjustable stand

Figure 4-1. Spontaneous Imbibition Apparatus
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Figure 4-2. Spontaneous imbibition for Berea/brine/refined oil sys

tems. Viscosity of refined oils, Mixture-1 and Mixture-2,

was 4.62 cp and 11.05 cp, respectively.
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Figure 4-3. Reproducibility of spontaneous imbibition

for Berea/brine/Moutray systems.
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Figure 4-4. Reproclucibility of spontaneous imbibition

for Berea/brine/ST-86 systems.
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The period allowed for spontaneous imbibition in oil was usually about 3 weeks,

the same as for imbibition in brine. The change of core weight was recorded

before and after imbibition so that the amount of oil imbibed (if any) into the

core could be determined. Forced displacement by oil was then performed using

a pressure gradient in the range from 10 to 20 psi/inch. This reestablished a low

water saturation but did not, in general, restore the system to its initial water

saturation. The wettability index for oil was determined using the second term of

equation (2.1).

4.2.4 Waterflooding Experiments.

In almost all waterflood experiments, the length of the core samples used was

about 8.0 cm., the diameter wcis 3.79 cm., and the pore volume was about 20 cc.

The absolute permeabilities to air mostly ranged from 800 to 1000 millidarcies.

The cores were held in a Hassler-type core holder of 3.5 inches long with both

end plugs having circular and radial grooves. The dead volumes of inlet end and

outlet end were 2.20 and 0.8 cc, respectively. An ISCO constant rate metering

pump, model 314, was used for injection of water. The Schematic diagram of the

waterflood apparatus is given in Figure 4-5.

After aging, the core sample was cooled overnight at room temperature and

weighed to check the mass after aging. In some cases, a small amount (mostly

less than 0.1 cc) of water was observed at the bottom of the beaker, especially for

systems that made the core much less water-wet. This was also indicated by the

difference in weight before and after aging. A correction was made to the initial

water saturation. The change in water saturation was very small.

Rates of injection ranged from 3 to 200 cc/hour. For some cases beyond the

capacity of the pump, a pressure gradient as high as 10 psi/inch was applied
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1. Constant rate pump
2. Brine reservoir

3. Oil reservoir
4. Three-way valve
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5. Filter

6. Pressure gauge
7. Core holder

8. Graduated tube

Figure 4-5. Waterflood Apparatus.
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using nitrogen gas as a driving fluid. All waterflood tests were conducted at room

temperature. The wettability index of the core was determined after waterflooding

using the procedure previously explained in section 4.2.3.
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CHAPTER V

SPONTANEOUS IMBIBITION TESTS

Spontaneous imbibition is controlled by capillary pressure gradients. Although

the results are not yet interpreted in a way that provides a quantitative measure

of wettability, the performance of the spontaneous imbibition displacement can

be extremely useful in distinguishing one wetting condition from another. It also

seem likely that spontaneous imbibition behavior is a key factor in the efficiency

of waterfiood displacements.

5.1 Experimental Detail.

The first stage of the present study was to investigate spontaneous imbibition

behavior of systems generated by varying brine composition. This was conducted

because it had been reported that some divalent or multivalent cations caused some

crude oils to adhere onto quartz surfaces (Treiber et ai, 1972; Morrow et aL, 1986).

To what degree the effect of these cations concentration has on the wettability of

COBR systems had not been investigated.

In the present work, Ca"'"'' was used as the divalent cation. Gas-liquid chro-

matography analysis, asphaltene precipitation employing pentane, heptane and

decane, and interfacial tension measurements were performed for each oil. The

data are shown in Tables 4-2 to 4-4. The ST-86 oil possessed more higher molecu

lar weight hydrocarbon components compared to Moutray oil. This could also be

inferred from the difference in their densities. Sedimentation techniques were used

to characterize crude oil based on precipitation obtained by diluting the crude oil

in n-pentane or n-heptane. The precipitate derived is called asphaltenes. This

substance is known to contribute to interfacial activity (Bartell and Niederhauser,

- 60 -
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1949; Strassner, 1968; Dickie et a/., 1969; Seifert et a/., 1969). In the present

study, n-pentane, n-heptane and decane were used as the solvents. It was found

that all three solvents caused asphaltene precipitation from Moutray oil but only

n-pentane was able to precipitate asphaltenes from ST-86 oil (see Table 4-3). De

cane is not commonly used to identify the asphaltene content of crude oil. In the

present study, it was found that excess decane caused precipitation from Moutray

crude oil.

Although core aging in brine is not a standard procedure, interfacial equilib

rium should, however, be considered (Jones and Wood, 1945; Kulkarni and So-

masundaran, 1973; Grist et a/., 1975; Kittaka and Morimoto, 1976). In the early

study, it was observed that the adhesion behavior of the two crude oils on glass

slides changed with time. It was also observed that as much as 200 ppm FeCls

in a brine did not induce glass-slide/crude oil interaction as long as time was al

lowed for equilibriation. These observation indicate the importance of aging the

core in brine to achieve ionic equilibrium before saturating with oil. Therefore, an

equilibriation period of at least 10 days was allowed for all cores.

A minor problem was encountered with some cores aged at high temperature.

A small decrease in weight was observed after aging. It was thought that the change

in weight was due to brine evaporation. This might be possible if the container

(beaker) were not covered and sealed. However, double sheets of aluminum foil

were used as a cover and either epoxy or adhesive tape was employed to seal the

container from contact with air. Evaporation was not likely to occur because when

the container with the core in it was cooled at room temperature overnight, the

core gained a little weight and came close to the original weight. The core was

then re-oilflooded to displace the crude oil used to age the core with the fresh

crude. Some sand grains, however, were recovered from the core holder, especially

for Moutray systems with high Ca"^"^. This indicates that rock cementation was

W
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weakened due to rock/oil interaction. A check for produced water in the oil was

also made by diluting the aged oil with toluene in some graduated tubes and

centrifuging at 2500 rpm for about 10 minutes. No water was observed.

A check was also made using degassed refined oil, a mixture of paxaiiin and

Soltrol 130 with viscosity of 11.04 centipoise, as the oil phase. A short core sample

was used with initial water saturation of 28.7%. The sample was aged at 80°C for

two weeks. The core was also weighed before and after aging. No weight lost was

recorded.

5.2 Effect of Brine Composition on Wetting Behavior of Moutray Oil.

The spontaneous imbibition test data are presented in Appendix A. In the first

series of spontaneous imbibition tests, Moutray crude oil was used along with vari

ous brine compositions. The initial water saturation for all systems was about 28%.

Cores were aged at ambient temperature. It was found that these systems imbibed

brine spontaneously but at different rates. Results are presented in Figure 5-1. A

spontaneous imbibition test conducted on strongly water-wet condition given by a

Berea/brine/refined oil system, is also shown in the Figure 5-1 for comparison.

The results demonstrated that the higher the concentration of CaCb in brine

the lower the tendency for spontaneous imbibition. A brine composition of 4%

NaCl -1- 0.2% CaCb gave the highest imbibition rate. Brine with higher concen

tration in either NaCl or CaCb (for instance, 6% NaCl -1- 0.2% CaCb and 4%

NaCl -h 1% CaCh) reduced the imbibition rate below the observed maximum.

The displacement mechanism for spontaneous imbibition is controlled by cap

illary forces. For a given system, the magnitude of capillary forces depends on

interfacial tension and wetting condition. For the Moutray systems studied, the

brine/oil interfacial tension was almost independent of brine composition. There-
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Figure 5-1. Effect of brine composition on displacement of

Moutray crude oil by spontaneous imbibition. The

Berea/brine/Moutray systems were aged at 26° C.

The Berea/brine/Refined oil system is a very

strongly water-wet case (reference).
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fore, the difference in spontaneous imbibition behaviors exhibited is primarily due

to the difference in wetting conditions.

Two of many factors that affect rock/oil interaction are brine and crude oil

compositions. For Moutray oil, it has been reported that this oil contains car-

boxylic acids as the dominant surface active compounds (Buckley et al.^ 1987).

These constituents can ionize at the brine/oil interface and generate a negatively

charged oil surface. If the solid is a positively charged at the surface, there will

be an electrostatic interaction for the oil. Brine composition can alter the natural

negatively charged sandstone surface by providing cations. Monovalent cations

tend to neutralize the negative surface charges. Di- or multivalent cations are,

therefore, required for charge alteration. But the adsorption of these cations onto

sandstone depends on their concentration and also the concentration of monova

lent cations in brine. As noted by Israelachvili (1985), once the divalent cations

concentration is greater than about 3% of monovalent concentration, the nega-

tively charged surface tends to bind divalent cations more strongly. The present

study found that wettability of Berea/brine/Moutray oil changed systematically

from strongly water-wet to weakly water-wet as the concentration of Ca"^"^ in brine

increased. This indicated higher Ca'̂ "'' adsorption with increase in concentration

and thus more sites for rock/oil interaction.

In the case where concentration of monovalent cation was high and divalent

cation was relatively low, for instance 6% NaCl -1- 0.2% CaCb, the Moutray sys

tem became less water-wet compared to 4% NaCl + 0.2% CaCb- This may be

attributed to a reduction in repulsive electrostatic forces as ionic concentration

increased {ACS Publications^ 1965; Israelachvili, 1985). The total interaction be

tween any two surfaces, however, must also include hydration and attractive van

der Waals (dispersion) forces. Hydration forces are ascribed to a wetting film at

the solid surface that contribute to the repulsive forces. In a system with very
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high salt concentration, the thickness of wetting film is dramatically reduced and

thus hydration force is very weak (van Olphen, 1963). Therefore, the rock/oil in

teraction in the systems with high cation concentrations was probably due to the

attractive dispersion forces.

Figure 5-2 shows the spontaneous imbibition behavior of two Moutray systems

with different initial water saturation, 28% and 39.5%. The brine composition was

2% CaCb- These were conducted because this brine was the most interactive in

inducing wettability with Moutray oil. These results demonstrated the effect of

initial water saturation on rock/oil interaction. It is seen that higher initial water

saturation caused the system to be more water-wet. The rock/oil interaction was

significantly reduced because the area of rock/oil contact is less at high initial water

saturation, initial water saturation as high as «38% enable to induce a weakly

water-wet condition (Morrow et al.^ 1986). Thus, crude oil type, brine composition

and saturation all influence induced wetting condition.

5.3 Effect of Brine Composition on Wetting Behavior of ST-86 Oil.

The Berea/brine/ST-86 systems were also investigated. The initial water sat

uration for these systems was between 24.3 and 26% of pore volume. All samples

were aged at ambient temperature. For various brine compositions, it was found

that ST-86 crude oil behaved differently as compared to Moutray oil. The results

are shown in Figure 5-3. The result for refined oil is also shown in this figure.

As inferred from these spontaneous imbibition curves, brine composition had very

little effect on the wetting behavior of ST-86. All systems remained strongly water-

wet. The imbibition rate was lower than for the refined oil system but higher than

Moutray systems.

Comparing the spontaneous imbibition behaviors for the two systems, Moutray
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Figure 5-2. Effect of initial water saturation on spontaneous

displacement behavior for Berea/2% CaCl2 brine/

Moutary systems aged at 26°C. The Berea/brine/

refined oil system is a reference.
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Figure 5-3. Effect of brine compotions on displacement of ST-86

crude oil by spontaneous imbibition. The Berea/brine/

ST-86 systems were aged at 26°C. The Berea/brine/

Refined oil is a reference.
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and ST-86, aged at room temperature, it can be said that the two crude oil samples

have different wetting ability. As indicated by the difference in the asphaltene

precipitation numbers (see Table 4-3), and because polar compounds are most

likely abandoned in asphaltic fraction (Preckshot, 1942; Bartell and Niederhauser,

1946-1947; Dickie et aL, 1969; Dutta and Holland, 1984), the ST-86 might contain

less polar compounds.

5.4 Effect of Aging Temperature on Wetting Conditions.

Another factor that may affect rock/brine/oil interaction is temperature. As

discussed in the review presented in Chapter II there are many apparent contra

dictions with respect to the effect of temperature on wettability in the literature.

The behavior of natural surface active constituents in crude oil is very complex. In

the present study, the effect of temperature on rock/brine/crude oil systems was

investigated for the two crude oil samples, Moutray and ST-86.

Before spontaneous imbibition tests were conducted, the core samples contain

ing crude oil at some initial water saturation, Swi, were aged at different tempera

ture, 26, 50 and 80 °C for about 10 days. Subsequent imbibition tests were carried

out at room temperature, one reason being to avoid effects such as variation in

viscosity with change in temperature. Not all of the brine compositions used at

room temperature were included in study of the effect of temperature on wetta

bility. For example, it was found that a Moutray system with 2% CaCl2 aged at

80°C was difficult to handle because of grain loss from the core.

The results are shown in Figures 5-4 to 5-6 for Moutray systems with four

different brine composition and Figure 5-7 for ST-86 systems. Increase in aging

temperature resulted in lowered rate for the early stage of imbibition and also

caused reduction in the total volume of oil recovered by spontaneous imbibition.
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Figure 5-4. Effect of aging temperature on wettability of Berea/brine/

Moutray systems as measured by spontaneous imbibi

tion. Brine composition was 4% NaCl -|- 0.2% CaCh. The

Berea/brine/Refined Oil is a reference.
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Figure 5-7. Effect of aging temperature on wettability as measured

by spontaneous imbibtion for Berea/brine/ST-86

systems. The Berea/brine/Refined oil is a reference.
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For these particular crude oil samples wettability changes caused by increasing the

aging temperature indicated that the rock/oil interaction was enhanced.

The enhancement of rock/oil interaction due to increase in temperature is not

well understood. Such interaction may be a manifestation of increased adsorption

process. Normally, adsorption is reduced as temperature increases because thermal

agitation reduces interaction between molecules or solutes and thus solubility in

creases. However, phenomena that oppose this expected trend have been reported

in literature. For instance, adsorption of phenol onto silica from carbon tetra-

chloride (Marshall and Rochester, 1975) and methyl decanoate onto silica from

benzene (Mills and Hockey, 1975) increased as temperature was raised from 25°C

to 50°C.

With respect to the composition, crude oil is a highly complex system consist

ing of many components. The knowledge of adsorption phenomena in rock/brine/

oil systems at typical reservoir temperature is not well established. In oil fields,

pressure and related solution of gas will complicate the interaction phenomena.

Oil composition changes as pressure declines and some gas is rele<ised from solu

tion. Field evidence showed contradictory phenomena. Bleakly (1984) observed

asphaltene deposition in an oil well when the pressure was allowed to decline be

low the bubble point but the deposition did not occur when the pressure was kept

above bubble point pressure. Conversely, Tuttle (1983) and Thaver et ai (1989)

reported asphaltenes deposition in the wellbore before the bubble point pressure

of the oil had been reached. However, the precipitation disappeared after the pres

sure declined below the bubble point. Hjelmeland and Larrondo (1986) showed

that pressure had insignificant effect on contact angle.

In the present study, the two crude oil samples employed were dead oils. Al

though the containers (beakers) for aging were carefully sealed to avoid loss of
W
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components during aging, any increase in pressure would be negligible compared

to that of a reservoir system. Regardless of the brine composition, temperature

showed a strong effect on the induced wetting condition established.

It is well recognized that petroleum components which most likely interact

with rock surfaces are the asphaltic materials such as asphaltenes, resins and

other heavy compounds. Asphaltenes are distinguished operationally from other

heavy components through their insolubility in normal paraffins. As noted by

Clementz (1976), asphaltenes are not soluble in n-pentane whereas resins are sol

uble. The data obtained from the precipitation technique (see Table 4-3) in

dicate the existence of asphaltenes in the two crude oil samples used although

they were different in amount. It is frequently stated in the literature that most

polar compounds found in crude oil are associated with asphaltic components.

For these particular crude oil samples, it has been reported that the two crude

oils are typical in that they contain ionizable surface active compounds (Buck

ley et al.^ 1987). Furthermore, asphaltenes that associate with resins may be

considered as colloidally dispersed particles (Preckshot et ai, 1942; Dickie et a/.,

1968) in crude oil in which resins act as stabilizers (Koots and Speight, 1975;

Barker, 1989) or peptizers (Siffert et a/., 1990). As temperature increases, the

interaction between asphaltenes and resins is reduced due to increased thermal

molecular action. This results in lowered solubility or dispersity of asphaltenes

in the crude oil. Most recently. Burke et ai (1990) conducted an experimental

investigation of asphaltene precipitation. It was found that increased tempera

ture reduced solubility parameter of the crude oil. This may suggest that a col

loidal asphaltene/crude oil system should be less stable at higher temperature.

Raising the temperature may also increase the solubility of some components of

crude oil in the brine. Although the solubility of crude oil is very small, the

effect on water films of thickness in the order of tens of nanometer or less at
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solid surfaces (Melrose, 1982) might result in increased crude oil/rock interac-

tion.

An increase in hydrogen ions, H"^, due to ionization of polar compounds may

result in increased competition between cations Na"*" and for negative sites of

mineral surfaces. Disordering of water molecules due to thermal agitation may

also be a major cause of breakdown of wetting films (Ball and Fuerstenau, 1971)

but silanol groups are retained at even high temperature (Her, 1979). Silanol

groups may become interaction sites through hydrogen bonding. Other possibil

ity of crude oil/rock interaction is that once the large molecules (asphaltenes) get

close (< 10 nanometers, Israelachvili, 1975) to the pore wall surfaces, the attrac

tive van der Waals forces become large. Therefore, the attractive van der Waals

(dispersion) forces may also be dominant in the crude oil/rock interaction for sys

tems with low Ca"'"'" concentration. For systems with high Ca"^"^ concentration,

Ca"*"^ ions were adsorbed onto negatively charged pore walls stronger than H"*"

ions. Raising the temperature might also increase the adsorption of Ca"^"*" onto

negative solid surfaces due to an entropy-driven adsorption process (Fokkink et ai,

1990). This would in turn increase the crude oil/rock interaction sites. In this case,

chemisorption might dominate the interaction.

The difference in wetting behavior between Moutray and ST-86 systems aged

at higher temperature is probably related to the difference in the amount of polar

compounds as indicated by the precipitation numbers (see Table 4-3). The concen

tration of ionizable polar compounds in the ST-86 crude oil may not be as much

as in the Moutray oil. It seems reasonable, therefore, to expect less interaction in

the rock/brine/ST-86 systems.

W



CHAPTER VI

^ WATERFLOOD TESTS

The main goal of the present study was to investigate the effect of wetting

conditions on oil recovery by waterflooding. As has been reviewed in the chapter

III, most investigators employed chemicals (organochlorosilane) to change wetting

properties of core samples. The type of wettability condition generated by this

procedure is not necessarily representative of the complex conditions that arise in

rock/brine/crude oil systems. In the present work, crude oil is used to generate a

quite wide spectrum of wetting conditions in a single rock, Berea sandstone, in an

attempt to study the effect of wettability on waterflood oil recovery.

6.1 Experimental Detail.

In the spontaneous imbibition study, various wetting conditions were generated

for Berea sandstone using two crude oil samples, varied brine composition, and

aging temperature. Before saturating with oil, all brine saturated core samples

were aged for at least 10 days in order to allow brine/rock equilibriation. Two

results of waterflood tests on aged and unaged cores (see Figure 6-1) confirmed

the importance of this aging procedure before oil flooding. Using the same rate of

injection, the aged core showed strongly water-wet behavior whereas the unaged

sample did not as indicated by early water breakthrough.

In the present waterflood study, variation of initial water saturation was also

used to obtain a wider spectrum of wettability conditions. It has, in fact, been

pointed out in the literature (Hassler et ai, 1942; Engelhardt, 1955; Craig, 1971)

that wetting preference of a porous rock depends on the fluid saturation. The

technique used to establish a wide range of initial water saturation was described
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Figure 6-1. Effect of rock/brine equilibrium on waterflood

performance for Berea/brine/Moutray systems.



-78-

in Chapter IV. The present study found that initial water saturation has a marked

effect on wetting conditions generated and on waterflood oil recovery. The effect of

initial water saturation on wettability established at 80 °C is shown in Figures 6-2

and 6-3. As presented in Figure 6-2, the results for Moutray show that the higher

the divalent cation concentration the stronger the oil-wetness. In contrast, as in

ferred from the spontaneous imbibition tests, ST-86 systems were not significantly

affected by brine composition at all levels aging temperature. Therefore, varied

brine composition was not used for ST-86 systems. Figure 6-3 shows a comparison

of the effect of initial water saturation on wettability for both crude oils. The

aqueous phase was a typical oilfield brine, 4% NaCl 0.5% CaCb solution. The

wettability induced by the two crude oils becomes significantly different as the

initial water saturation is reduced. These results indicate the importance of initial

water saturation and crude oil composition on reservoir wettability.

In general, a Moutray system with initial water saturation less than 20% and

aged at 80°C tended to shift toward oil-wet, but the degree of shifting depended

on brine composition. Initial water saturations above 30% produced weakly water-

wet cores and initial water saturations between 22 and 29% resulted in positive

intermediate wettability. For initial water saturations between 14 and 18%, the

cores were negative intermediate, and for about 10%, the systems tended to be

weakly oil-wet.

All cores aged at high temperature were re-flooded at low constant rate with

crude oil at room temperature to replace the aged oil inside the core. Waterflooding

was performed at room temperature. The rate of injection was varied from 3 to

200 cc/hr or 0.9 to about 60 feet per day. The oil produced was collected in 12

cc graduated tubes and then corrected for the dead volume of end plugs of the

core holders. The oil production was recorded during injection of about 20 pore

volumes. The produced liquids were centrifuged and then the brine was separated
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from oil by filtration and its pH was measured. Three intervals of production were

used to record the pH : first, one pore volume of brine produced; second, three pore

volumes of brine produced; and third, at the end of the displacement. The effluent

pH varied from 5.6 to 7.3, depending on brine composition, aging temperature

and initial water saturation. The data are given in Table 6-1. The initial pH for

all brines was about 6.4. It was found that Berea sandstone tended to buffer the

injected brine.

Examining the table, for brine saturated core samples, it is noticeable that the

effluent pH is influenced by brine composition and aging temperature. 2% CaCb

solution gave slightly lower increase in pH than 4% NaCl + 0.5% CaCb solution.

This is probably due to less dissolution of calcite from the Berea sample for a

system with high CaCb concentration. Kia et al. (1987) even reported higher pH

of about 9.5 by using 3% NaCl salt solution.

For systems that contained brine and oil, particularly the Moutray systems, the

higher the CaCl? concentration, the smaller the increase in pH. Also, the higher

the aging temperature and the lower the initial water saturation, the lower the

pH. This latter phenomena was probably due to higher solid surface coverage by

oil cis initial water saturation decreased or increased ionization of polar groups as

temperature increased so that brine/rock interaction was reduced. Low effluent

pH ranging from 5.2 to 6.5 was also observed in mixed wettability systems when

the injected pH ranged from 6.5 to 8.2 (Hirasaki et al, 1990).

6.2 Determination of Wettability Index.

The wettability index of the cores was determined using the Amott-Harvey

method. According to the original procedure suggested by Amott (1959), spon-

taneous imbibition is first conducted with the core surrounded by oil phase for
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Table 6-1 Effluent pH

System* Brine ** Swi Aging Effluent pH
Composition (%) Temp, ° C 1 PVP 3 PVP '17 PVP

Be/Br 0 + 2.0 100 26 7.10 6.80 7.03

Be/Br 4 + 0.5 100 26 7.40 7.34 7.45

Be/Br 4 + 0.5 100 80 7.85 7.74 7.70

Be/Mo/Br 4 + 0.5 11 80 6.05 6.01 6.36

Be/Mo/Br 4 + 0.5 26 80 6.71 6.80 7.02

Be/Mo/Br 4 + 0.5 35 80 7.13 7.14 7.20

Be/Mo/Br 4 + 1.0 12 80 5.72 5.70 6.10

Be/Mo/Br 4 + 1.0 26.7 80 5.80 5.87 6.62

Be/Mo/Br 4 + 1.0 27 80 5.91 5.81 6.64

Be/Mo/Br 4 + 1.0 32 80 5.98 6.01 6.58

Be/Mo/Br 0 + 2.0 12 80 5.60 5.57 6.01

Be/Mo/Br 0 + 2.0 25 80 5.62 5.65 6.50

Be/Mo/Br 0 + 2.0 31 80 6.00 6.08 6.35

Be/St/Br 4 + 0.5 24 26 7.20 7.21 7.29

Be/St/Br 4 + 0.5 11 80 6.31 6.30 6.72

Be/St/Br 4 + 0.5 24 80 6.92 6.95 7.10

Be/St/Br 4 + 0.5 33 80 6.90 6.94 7.20

* Be = Berea; Mo = Moutray oil; Br = Brine; St = ST-86 oil.

** % NaCl + % CaClo

*** PVP = Pore volume of brine produced.
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20 hours followed by forced displacement with oil; second, spontaneous imbibition

in brine for the same period is followed by forced displacement with water. The

standard textbooks still follow the original procedure (Craig, 1971; Wilhite, 1988).

The displacement sequence and periods allowed for spontaneous imbibition were

modified in some studies (Cuiec, 1984; Heaviside and Salt, 1989) but no detailed

explanation was given.

The sequence, with the starting condition as either imbibition of water into a

core at initial water saturation in brine or imbibition of oil into a core at residual oil

saturation, should not make any substantial difference in results if the wettability

of the sample in question is stable. However, for restored-state core, the core is

usually saturated with oil at initial water saturation so it is expedient to measure

the spontaneous imbibition of brine first. This sequence was also appropriate for

the present study. The reversed sequence was also used on some cores (UF-21 and

UF-22 for intermediate systems and UF-30 and UF-32 for weakly water-wet case)

as a check. However, no significant effect of sequence on wettability was found.

The difference in wettability index due to reversed sequential procedure was 0.04

and 0.03, respectively, for these systems. The water-wetness increased slightly

for cores first subjected to spontaneous imbibition immediately after waterflood

test but the differences were barely significant. It is possible that the stability of

the systems studied, caused by desorption in the presence of brine in the core at

residual oil saturation after waterflooding, contributed to this result. However,

the results were well within the reproducibility of the Amott test. For instance,

for duplicate tests on core samples UF-22 and UF-29 the wettability indices were

slightly different, being 0.31 and 0.34.

Various length of time required for spontaneous imbibition period have been

used in the literature, especially for determining wettability index. For practical

purposes, a short period as originally proposed (Amott, 1959) might be consid-
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ered. Wetting preference of a porous rock for a liquid is also characterized by its

capillary pressure curves. A liquid will spontaneously imbibe into the rock until

interfacial mean curvature falls to zero. If this is taken eis the criteria to be used

in quantifying the measure of wettability, the time period for spontaneous imbi

bition should therefore be the time required to attain zero curvature. But this

can be impractical because some systems take months to complete the imbibition

process. In the present study, after observing the trends of the imbibition versus

time curves, spontaneous imbibition periods of about three weeks were adopted.

Forced displacement following spontaneous imbibition test is intended to re

duce oil saturation to residual value. Either flooding or centrifuging is commonly

used. Regardless of the length of the sample, a pressure drop of 50 psi for forced

displacement seems to be widely used (Kyte and Rapoport, 1958; Heaviside and

Salt, 1989). The impact of high flow rates on solid particle movement, however,

is rarely considered. For Berea samples employed in this study, white suspended

fines were observed when a pressure drop of 50 psi or higher across the core was

applied. The amount of suspension recovered increased with the chloride concen

tration. Although no total plugging was encountered, this observation suggests

that precautions should be given in conducting displacement tests. From this ex

perience a pressure gradient of 35 psi or lower, depending on the fluid viscosity, was

therefore used. The use of lower than usual pressure drop was partly compensated

by using longer flooding times (i.e., greater volume throughput).

As has been discussed in the previous section, a low initial spontaneous imbi

bition rate did not necessarily indicate intermediate wetting or weakly water-wet

conditions. It could, for wettability as measured by the Amott test, be close to

strongly water-wet. Single quantitative measure of wettability, say /py, is also

sometimes confusing. For instance, a core with Iw = 0.25 may only imbibe brine

but another core with Iw = 0.25 or higher may imbibe brine and oil. The water-
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flood performances may be different as found in the present study. For example,

UF-4 had Iw of 0.26, imbibed only water and had nearly clean breakthrough

while UF-14 with Iw = 0.30 imbibed both phases, water and oil, and produced

significant amount of oil after breakthrough.

In this study, the wetting condition of the cores is not strictly categorized in

terms of the index number. However, strongly and weakly water-wet are defined

for systems that spontaneously imbibe only water. Similarly, strongly and weakly

oil-wet are used for systems that spontaneously imbibe only oil. Intermediate

wettability is employed for systems that can spontaneously imbibe both phcise,

water and oil. Positive and negative intermediate are used more specifically for

systems that imbibe mostly water and mostly oil, respectively.

6.3 Effect of Flood Rate on Breakthrough Recovery and Residual Oil

Saturation.

A series of waterflood tests were performed to investigate the effect of injection

rate on oil recovery at reasonably low capillary number. This was mainly pursued

to check the extent to which results were affected by end effects at low rates or

viscous fingering at high injection rates. Several investigators have concluded that

flow rate does not have a large effect on waterflood oil recovery (see review section,

Chapter III). However, some researchers have observed increased breakthrough

recovery at low injection rate for intermediate wettability systems. In the present

study, some waterflood tests were conducted at a range of injection rates for several

different wetting conditions.

The results are shown in Figures 6-4 to 6-11 for both, Moutray and ST-86 sys

tems. Fewer data were obtained from ST-86 systems, mainly because of the limited

amount of oil sample available. In general, however, the results demonstrated that
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for weakly water-wet and positive intermediate wettability, lower injection rates

resulted in higher breakthrough recovery and lower residual oil saturation. This

may be due to the change in time available for imbibition and other possible phe

nomena related to approach to equilibrium. For Moutray systems cis shown in

Figures 6-4 to 6-6, the effect of flood rate on breakthrough recovery was least for

weakly water-wet systems. For positive intermediate systems, the recovery de

creased gradually as the rate increased above about 7 feet per day. Qualitatively,

this is in agreement with results reported by other investigators (Labastie et aL,

1980; Heaviside et al.^ 1987). For negative intermediate systems, the breakthrough

recovery was relatively constant at rates below 10 feet per day but it dropped at

greater rates of injection. Time for imbibition is not likely to be important in such

systems because oil imbibes much more strongly than water. Only a narrow range

of flood rates were measured for weakly oil-wet systems so it is difficult to draw

any conclusions for these systems. It may be expected, however, that higher rates

may reduce end effects but it might create fingering and thus lower breakthrough

recovery.

The effect of rate for the ST-86 systems is shown in Figure 6-7. This system has

higher oil viscosity (13.01 cp.) and higher interfacial tension (24 dynes/cm) than

the Moutray systems. The systems generated are categorized as weakly water-wet

(wettability index ranges from 0.5 to 0.7). At rates lower than 7 feet per day,

the breakthrough recovery was relatively constant (within experimental error) but

decreased at a rate greater than 10 feet per day. This may be due to viscous

fingering.

The effect of injection rate on waterflood performance can also be inferred from

the residual oil saturation left after waterflooding. Figure 6-8 shows the effect

for weakly water-wet and positive intermediate Moutray systems. The residual

oil saturation was not significantly affected by the rate of flooding. For ST-86
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systems (see Figure 6-11) having wettability index of about 0.6, at a flood rate

of 3.3 ft/day, the residual oil saturation was about 18% whereas for a rate of

7 ft/day the residual saturation obtained was 24%. viscosity between the two

crude the reduction in residual oil decreased. The ST-86 systems that had higher

viscosity and brine/oil interfacial tension exhibited significant reduction in residual

oil saturation by reducing flood rate. This indicates less entrapment at lower rates

in these systems. For weakly water-wet Moutray systems having relatively lower

interfacial tension and viscosity, the effect of injection rate on the reduction was

very small. Examining the capillary number, Nc the value of (fi/cr) is

about the same for both oils, i.e., 0.43 for Moutray and 0.54 for ST-86. At the

same range of injection rates, the effect of injection rate on residual oil saturation

should not be different. The existing difference in results is most likely due to the

difference in wetting structure. Nevertheless, these results indicate that for weakly

water-wet and positive intermediate systems, capillary forces still play a significant

role in the displacement mechanism by waterflooding. The results also imply that

end-effects are of minor importance for such systems.

For negative intermediate systems (see Figure 6-9), there was a range of rate

that resulted in low residual oil saturation. Beyond this range, lower or higher,

the residual saturation increased. Although both phases, water and oil, imbibed

spontaneously the system has opposite character to positive intermediate because

oil imbibes more strongly than water. Both phases can flow simultaneously but

since the degree of oil-wetne.ss is greater than water-wetness, capillary forces tend

to retain oil more strongly. Low rates can be expected to create significant end

effect causing retention of oil at the outlet end. However, at high rates viscous

fingering had a dominant effect on recovery with the result that residual oil satu

rations (at 20 pore volumes throughput) were high. This suggests that care should

be exercised in conducting laboratory displacements on relatively short cores for
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wetting conditions other than positive intermediate or weakly water-wet.

Weakly oil-wet (wettability indices ranging from -0.3 to -0.5) were run at flood

rates of about 4 to 7 feet/day which corresponded to the range over which negative

intermediate systems gave lowest residual oil saturation (see Figure 6-10). Higher

residual oil saturation was obtained for systems with wettability index of about

-0.5, or higher degree of oil wetness. This is consistent with the expected increase

in retention of oil due to capillary forces with increase in oil-wetness.

6.4 Effect of Wettability on Oil Recovery.

The primary goal of the present study was to investigate the effect of wet

ting conditions of rock/brine/crude oil systems on oil recovery by waterflooding.

Most of the waterflooding tests were performed with Berea/brine/Moutray sys

tems. Limited data for ST-S6 are also presented. All experimental data are pre

sented in Appendices A to K.

As has been previously mentioned, the crude oil samples had different physical

and interfacial properties. Spontaneous imbibition tests showed that a strongly

water-wet Moutray system had a lower early imbibition rate than a comparable

ST-86 system. Waterflood oil recovery for Moutray crude was 61% of initial oil

in place whereas ST-86 yielded about 51% (see Figure 6-12). These waterflood

tests were conducted with total pressure gradient of 20 and 30 psi across a 3-inch

core sample for Moutray and ST-86 systems, respectively. These relatively high

pressures were used in order to minimize the outlet end effect.

The difference in recovery for the two crude oils decreased as the water-wetness

decreased for both systems as shown in Figure 6-13 but the breakthrough recoveries

still differed. This difference may be related to the viscosities of the two oils (i.e.,

5.23 and 13.1 cp for Moutray and ST-86, respectively).
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A Berea/brine/Moutray (core UF-3, Vy/ = 0.89 x 0.0)
o Berea/brine/ST-86 (core UF-8, W1 = 0.92 x 0.0)
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Figure 6-12. Effect of crude oil on wettability and waterflood oil recovery.

Brine composition was 4% NaCl + 0.2% CaCb- Aging

temperature was 26°C.

Note : WI = 0.89 x 0.0 means Iw = 0.89 and Iq = 0.00.
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A Berea/brine/Moutray (core UF-32, WI = 0.59 x 0.0)
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Figure 6-13. Effect of crude oil on wettability and waterflood oil recovery.

Brine composition was 4% NaCl + 0.2% CaC^. Aging

temperature was 80°C.

Note : WJ = 0.59 x 0.0 means Iw = 0.59 and Iq = 0.00.
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It was previously shown from imbibition rate measurements that brine com-

position influenced the wettability of Moutray systems. Figure 6-14 demonstrates

a comparable waterflood recovery. A weakly water-wet system given by 2% CaCb

gave somewhat higher recovery than a water-wet system given by 4% NaCl -|- 0.2%

CaCb brine. Typical results of the effect of wettability on recovery performance

are demonstrated in Figures 6-15 to 6-17 for Moutray systems and Figure 6-18

for ST-86 systems. The ST-86 systems gave lower breakthrough recovery than

the Moutray systems at almost all wetting conditions studied. In general, the

ultimate oil recovery was improved as the wettability changed from strongly to

slightly water-wet. The most significant improvement in recovery as wettability

shifted away from strongly water-wet to weakly water-wet was demonstrated by

ST-S6 systems. An increase of about 20% of oil in place was achieved in an ST-86

system as compared to only about 8% in a weakly water-wet Moutray. This sig

nificant difference may be mainly due to the different in wetting structure because

relatively small differences in interfacial tension and viscosity do not support the

results.

For both Moutray and ST-86 systems, the breakthrough recovery decreased

slightly as the water-wetness was reduced. However, weakly water-wet Moutray

systems produced the highest breakthrough recovery and the ultimate recovery

was about close to the range of 66 to 68% no matter what the degree of weak

water-wetness (see Figure 6-15).

Results for the effect of wettability on the spontaneous imbibition behavior

and waterflood recovery curves can be used to explain the role of capillary and

viscous forces in the displacements. Examining the spontaneous imbibition and

waterflood oil recovery performance for systems with VK/ > 0, it appears that the

lower the oil recovery by imbibition the higher the ultimate oil recovery that was

obtained by waterflooding. For instance, let us take a case shown in Figure 5-5
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